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James R. Horrocks
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Dianne R. Nielson
Wayne M. Samuelson

JoAnn B. Seghini l. Call-to-Order.
Don Sorensen

Richard W. Sprott, . i .
Executive Secretary Il. Date of the Next Air Quality Board Meeting: December 6, 2006.

1. Approval of the Minutes for September’s Board Meeting.
V. Ballot Transportation Proposition - Presented by LaVar Webb.

V. Appointment of Temporary Executive Secretary. Presented by
Christian Stephens.

VI. Appointment of Hearing Officer for A-1 Restoration. Presented by
Christian Stephens.

VII.  Propose for Public Comment: Amend R307-210, Stationary Sources;
Amend R307-220, Emission Standards: Plan for Designated
Facilities and Add New Section 1V, Plan for Mercury Emissions at
Coal-Fired Electric Generating Units; Add New Rule R307-224,
Mercury Emission Standards: Coal-Fired Electric Generating Units;
and Add New Rule R307-424, Permits: Mercury Requirements for
Electric Generating Units. Presented by Bill Reiss.

VIII.  Propose for Public Comment: New State Implementation Plan
Section XXII, Interstate Transport, and R307-110-36. Presented by
Jan Miller.

IX. Propose for Public Comment: R307-214-2, Incorporate by Reference
Updates to Various Subparts of 40 CFR Part 63, National Emission
Standards for Hazardous Air Pollutants (NESHAPS), MACT
Standards. Presented by Eileen Brennan.
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X. Informational Items
A. PM Standard Update. Presented by Mat Carlile and Bill Reiss.
B. Compliance. Presented by Bryce Bird.
C. HAPS. Presented by Robert Ford.
D. Monitoring. Presented by Bob Dalley.

In compliance with the American with Disabilities Act, individuals with special needs (including auxiliary
communicative aids and services) should contact Charlene Lamph, Office of Human Resources at (801)
536-4413 (TDD 536-4414).
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UTAH AIR QUALITY BOARD MEETING
September 6, 2006

DRAFT MINUTES

Call to Order
John Veranth called the meeting to order at 1:32:58 PM.
Board members present

Nan Bunker, Stead Burwell, Jerry Grover, Jim Horrocks, Dianne R Nielson, Joann
Seghini, Don Sorensen, and John Veranth.

Executive Secretary: Cheryl Heying acting for Rick Sprott.
Board members excused:
Ernest Wessman, Scott Lawson and Wayne Samuelson.
Date of the Next Air Quality Board Meeting
October 4, 2006 will be set as a tentative date for the next Board meeting.
Mr. Veranth stated that next year’s tentative schedule for the Air Quality Board meetings will
be the first Wednesday of every month except the March meeting will be held on the 14th and

the July meeting will be held the 11™.

J Ms. Bunker made the motion to approve the tentative schedule. Mr. Sorensen seconded
and the Board approved unanimously.

Approval of the Minutes for August 2, 2006 Board Meeting

° Mr. Grover made the motion to approve August 2, 2006 minutes. Mr.Horrocks
seconded and the Board approved unanimously.

Final Adoption: Amend R307-415-4(2), Operating Permits - Source Category
Exemptions - Addition of Five Area Source Exemptions. Presented by Robert Grandy.

Mr. Grandy stated that at the June 15, 2006 Board meeting, amendments in R307-415-4(2)
were proposed for public comment. The comment period was open July 1-31, and no
comments were received. The staff recommends that R307-415-4(2) be adopted as proposed.

o Mr. Grover made the motion to adopt R307-415-4(2) as proposed. Ms. Bunker
seconded and the Board approved unanimously.
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VI.

VII.

Proposed for Public Comment: Operating Permit Program Fee for Fiscal Year 2008.
Presented by Dave Beatty.

Mr. Beatty stated that Title V of the Clean Air Act Amendments of 1990 (CAAA) requires the
State of Utah to develop an Operating Permit Program (OPP) to include a fee system which is
to be used to fund all direct and indirect costs associated with administering the OPP. As part
of the fee development process, the fee is included as part of the Department’s fee schedule
each fall. A public comment period will be held to allow an opportunity for interested parties
to comment on the Department fee schedule and a public hearing will be scheduled during
October 2006. Notice of the comment period and public hearing will be provided in the Legal
Notices section of the major newspapers in the state. The staff recommends that the Board
submit as part of the Department’s fee schedule, a proposed fee of $46.44/ton for the operating
permit program for fiscal year 2008.

Ms. Nielson asked what EPA has established as a fee on the federal level. Mr. Beatty stated
that comes out the end of September and the current fee is approximately $40.50. Mr. Grover
asked if this was ongoing budget not to include one-time expenditures. Mr. Beatty stated that it
includes salary increases and decrease in emissions. Ms. Nielson wanted to remind the Board
that every year at the end of the state budget cycle if there is an overage or underage it carries
over o the next year. Ms. Nielson asked that when EPA establishes the federal fee that the
Board be provided that information. Ms. Kathy Van Dame of the Clean Air Coalition stated
that she would like to find a different structure for the Operating Permit Program Fee. Mr.
Beatty stated that a task force has been together and would like to meet the end of September
with the interest group to see if they can come up with a new way for the program. Mr.
Horrocks would like to be updated on appropriate mile stones. Mr. Beatty would like the
Board’s input as well.

o Mr. Horrocks made the motion to propose for public comment the Operating Permit
Program Fee for Fiscal Year 2008. Ms.Bunker seconded and the Board approved
unanimously.

Propose for Public Comment: 8-Hour Ozone Maintenance Provisions for Salt Lake and
Davis Counties, to replace Section 1X.D of the Utah State Implementation Plan (SIP).
Amend R307-110-13 to reflect this change. Presented by Robert Clark.

Mr. Clark stated that the staff recommends that the 8-hour ozone maintenance plan be proposed for
public comment and that 307-110-13 be amended to reflect this change.

J Mr. Grover made the motion to propose for public comment: 8-Hour Ozone
Maintenance Provisions for Salt Lake and Davis Counties, to replace Section IX.D of
the Utah State Implementation Plan (SIP). Amend R307-110-13 to reflect this change.
Ms. Bunker seconded and the Board approved unanimously.

Propose for Public Comment: Amend R307-320, Davis, Salt Lake and Utah Counties,
and Ogden City: Employer-Based Trip Reduction Program; R307-325, Davis and Salt
Lake Counties and Ozone Nonattainment or Maintenance Areas: Ozone Provisions;
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VIII.

R307-326, Davis and Salt Lake Counties and Ozone Nonattainment Areas: Control of
Hydrocarbon Emissions; R307-327, Davis and Salt Lake Counties and Ozone
Nonattainment Areas: Petroleum Liquid Storage; R307-328, Davis, Salt Lake, Utah and
Weber Counties and Ozone Nonattainment Areas: Gasoline Transfer and Storage; R307-
335, Davis and Salt Lake Counties and Ozone Nonattainment Areas: Degreasing and
Solvent Cleaning Operations; R307-340, Davis and Salt Lake Counties and Ozone
Nonattainment Areas: Surface Coating Operations; R307-341, Davis and Salt Lake
Counties and Ozone Nonattainment Areas: Cutback Asphalt; R307-342, Davis, Salt
Lake, Utah and Weber Counties and Ozone Nonattainment Areas: Qualification of
Contractors and Test Procedures for Vapor Recovery Systems for Gasoline Delivery
Tanks; R307-343, Davis and Salt Lake Counties and Ozone Nonattainment Areas:
Emissions Standards for Wood Furniture Manufacturing Operations; and R307-101-2,
Definitions. Presented by Robert Clark.

Mr. Clark stated that the staff recommends that R307-320, 325, 326, 327, 328, 335, 340, 341,
342,343, and 101-2 be proposed for public comment, as amended.

o Mr. Grover made the motion to Propose for Public Comment: Amend R307-320,
Davis, Salt Lake and Utah Counties, and Ogden City: Employer-Based Trip Reduction
Program; R307-325, Davis and Salt Lake Counties and Ozone Nonattainment or
Maintenance Areas: Ozone Provisions; R307-326, Davis and Salt Lake Counties and
Ozone Nonattainment Areas: Control of Hydrocarbon Emissions; R307-327, Davis and
Salt Lake Counties and Ozone Nonattainment Areas: Petroleum Liquid Storage; R307-
328, Davis, Salt Lake, Utah and Weber Counties and Ozone Nonattainment Areas:
Gasoline Transfer and Storage; R307-335, Davis and Salt Lake Counties and Ozone
Nonattainment Areas: Degreasing and Solvent Cleaning Operations; R307-340, Davis
and Salt Lake Counties and Ozone Nonattainment Areas: Surface Coating Operations;
R307-341, Davis and Salt Lake Counties and Ozone Nonattainment Areas: Cutback
Asphalt; R307-342, Davis, Salt Lake, Utah and Weber Counties and Ozone
Nonattainment Areas: Qualification of Contractors and Test Procedures for Vapor
Recovery Systems for Gasoline Delivery Tanks; R307-343, Davis and Salt Lake
Counties and Ozone Nonattainment Areas: Emissions Standards for Wood Furniture
Manufacturing Operations; and R307-101-2, Definitions. Mr. Sorensen seconded and
the Board approved unanimously.

Propose for Public Comment: Deletion of R307-332 from the Air Quality Rules.
Presented by Robert Clark.

Mr. Clark stated that no substantive changes have been made. The only changes are
grammatical errors, outdated terminology and moved definitions to proper place within the
rules. The staff recommends that R307-332 be deleted.

o Mr. Sorensen made the motion to Propose for Public Comment: Deletion of R307-332
from the Air Quality Rules. Ms. Bunker seconded and the Board approved
unanimously.
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IX.  Informational Items
A. Open Meetings Act Presentation: Presented by Fred Nelson.
B. Clean Air Mercury Rule (CAMR); Status Report. Presented by Mat Carlile.
C. State Implementation Plan for 110 (a)(2)(d) of the Clean Air Act. Presented by Colleen
Delaney.
Compliance. Presented by Jeff Dean.
HAPS. Presented by Robert Ford.
Monitoring. Presented by Bob Dalley.
Mr Dalley went over the latest air quality monitoring data.

licle

Meeting adjourned at 2:44 PM
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Background Paper

The Rail & Roads Campaign
Improving Mobility in Salt Lake and Utah Counties

The Transportation Need

The Wasatch Front is facing a very real transportation crisis. Despite major improvements --
including the reconstruction of I-15 several years ago and the success of TRAX light rail -- the
region’s transportation needs are growing faster than our ability to meet them. One primary reason
for this is population growth. Utah is one of the fastest growing states in the country, doubling the
average national growth rate through the 1990s. The population boom continues, with another one
million people projected along the Wasatch Front by 2030. And 75% of our population growth is
coming from within, as our children and grandchildren seek to stay and enjoy the educational,
economic and quality of life opportunities Utah offers.

Utahns are also driving more. From 1990 to 2002, vehicle miles traveled increased by 66 percent.
This is almost twice the rate of population growth (36 percent), and severely outpaced increases in
highway capacity (12 percent). At these growth rates, the amount of time we spend delayed in traffic
congestion will triple in the next 25 years.

Increased congestion poses a significant threat to Utah’s current and future economic vitality. Traffic
congestion increases the cost of doing business with longer delivery times, reduced productivity, lost
time of employees stuck in traffic, less efficient travel and increased fuel usage. As the cost of doing
business goes up, the increases are passed along to customers in the form of higher prices for
goods and services.

Growing congestion and increased business costs reduce Utah’s competitiveness with other regions
and negatively impacts our economic growth. Transportation and mobility is one of the primary
factors businesses evaluate when considering where to locate, and having an efficient, multi-modal
transportation system will help keep Utah attractive and competitive. For example, in the Denver
area, the Chamber of Commerce reports that new business prospects have tripled since voters
passed FasTracks, a $4 billion program of rail projects to be completed by 2016.

Investing in our transportation infrastructure will also help fuel Utah’s future economic growth. A
study conducted by the Bureau of Business and Economic Research at the University of Utah titled,
Economic and Demographic Impacts of Federal Financed Transportation Infrastructure on the
Wasatch Front, determined that building recommended highway and transit projects could bring as
much as $4.2 billion in additional federal money to Utah by 2030. That $4.2 billion will create almost
4,000 new jobs and add $212 million to the state’s economy each year.

We must address our transportation needs sooner, not later, in order to protect Utah’s economy and
quality of life. Building an efficient highway and transit system will increase mobility, improve air
quality, strengthen major employment centers, increase Utah’s economic competitiveness with other
regions, bolster our local economy and generate additional revenue to fund other state programs.

An Opportunity to Act

This election season, thanks to years of work by local governments and the Utah Legislature, voters
in Salt Lake and Utah counties have an opportunity to do something about the transportation crisis.
By voting for Proposition 3 in Salt Lake County and for the rail and roads Opinion Question in Utah
County, a significant infusion of funding will flow to highway corridor preservation, FrontRunner
commuter rail, expansion of TRAX light rail, and other highway projects.



A positive vote on the two ballot proposals will mean an additional quarter-cent sales tax will be
invested in transportation infrastructure. It will be an on-going, growing source of revenue for
transportation, amounting to billions of dollars over many years.

Years of Research and Study

The Nov. 7 vote is the culmination of long study and effort by elected officials from the Legislature,
the Wasatch Front Regional Council (WFRC) and the Mountainland Association of Governments
(MAG). Local officials have studied the serious transportation needs facing the region, with an eye to
build a region-wide rail transit system, along with critical highway projects. The officials created the
“Transit 2030” committee, which over a two-year period identified top-priority highway and transit
projects that were ultimately adopted into the Long Range Plan in 2003.

The elected officials on the Transit 2030 committee also evaluated available funding alternatives to
complete the critical highway and transit projects identified. With respect to transit, the first phase of
the WFRC and MAG long-range plans identify $2.1 billion needed to build the projects by 2015.
Current revenue sources will generate only $600 million, leaving $1.5 billion in unfunded needs.

The committee carefully studied and evaluated many possible funding sources for both highways
and transit. With input from UDOT, UTA, the Utah League of Cities and Towns, elected officials
evaluated the potential revenue and ramifications from:

- Gas taxes - Inflationary component to gas tax

- Sales tax on fuel - Vehicle registration / license fees

- Impact fees on roads - Registration fees based on vehicle miles traveled
- Real estate taxes - Special Improvement Districts

- Property taxes - Sales taxes

The Legislature Examines the Need

Meanwhile, the Transportation Planning Task Force was created by the Legislature during the 2003
General Session with H.B. 310 “Transportation Planning Task Force.” For two years, the Task
Force studied transportation issues and needs statewide and on November 10, 2004, made its final
report to the Transportation Interim Committee. The report articulated several fundamental
principles to guide transportation policy decision making, including:

» Funding Diversification: over-reliance on a few traditional funding sources will not produce the
revenue needed nor spread the tax burden fairly — the state must broaden the base for which
transportation systems are funded.

» Transit Funding: transitis a necessary transportation option. Currently authorized revenue
tools, including sales tax and property tax, should be exercised before new revenue sources are
considered.

» Funding Stability: transportation projects require stable and reliable long-term transportation
funding that can be clearly identified by policy makers and transportation planners.

The Business Community Gets Involved

The Salt Lake Chamber of Commerce, recognizing the link between transportation and economic
development, has engaged the business community in finding and advocating solutions. In
November 2004, the Chamber announced its five Economic Strategic Initiatives, identifying
transportation as one of its critical priorities to foster economic, cultural and social growth.
Recommending the expedited construction of highway and transit projects, on November 23, 2004
the Chamber adopted a Resolution on Mobility, pledging its “partnership with the Utah Legislature in
identifying funding solutions to our mobility problems.”

On December 15, 2004, the Chamber hosted a “Mobility Summit,” which was attended by more than
200 local business, political and community leaders. Chamber President Lane Beattie, local pollster
Dan Jones and West Valley City Mayor Dennis Nordfelt outlined the growing crisis and the need to



find the funding to build critical transportation projects. Rich Walje, Executive Vice President of Utah
Power, and Keith Rattie, President and CEO of Questar Corporation emphasized the increasing
costs of business due to congestion and the need to find solutions.

A year later, in October 2005, Governor Huntsman's office hosted a second Transportation Summit,
attended by more than 150 political, business and community leaders. Members of Utah’s
Congressional delegation, the Legislature, local government, Chambers of Commerce,
transportation agencies and other stakeholders participated in a discussion of Utah’s transportation
crisis and the unfunded highway and transit needs. Results of an informal online survey conducted
by the Governor’s office in anticipation of the summit reported that 82% of respondents are
concerned about transportation and 83% support expanding transit.

The Salt Lake Chamber also created The 2015 Alliance whose mission is to accelerate the build-out
of key transportation projects by 2015, rather than 2030. The Alliance commissioned an independent
study, confirming the need to boost transportation funding for priority projects or risk a diminished
quality of life and reduced economic vitality.

The Legislature Acts

Crucial Highway Projects

The Success of Transit

In 2005, a record number of Utahns used transit. More than 36 million trips were taken last year on
UTA’s bus, light rail, paratransit and vanpool services. The last time transit ridership was at this
level was post-World War Il, when a record peak of 33 million trips was recorded in 1946.

Largely fueling these record-breaking ridership levels is the success of light rail. Since the first
TRAX line opened in December 1999, ridership is exceeding projections by more than double. The
Sandy/Salt Lake Line and the University Line - originally projected to carry a combined total of
21,000 daily riders - are currently carrying more than 55,000 riders each weekday.

TRAX ridership continues to see double-digit increases each year. In 2005, ridership increased
13.5% over 2004, providing almost 13 million rides. And as the cost of gasoline skyrocketed through
the summer and fall of 2005, UTA saw a dramatic increase in ridership as people turned to transit as
a less expensive option. The number of average weekday passengers on TRAX rose 20 percent in
October, 45 percent in November and 46 percent in December, compared to the corresponding
months the previous year. The high ridership has continued into 2006: year-to-date through April,
TRAX ridership is up 35% over the same months last year.

These ridership figures demonstrate that transit is having an effect on mobility and congestion. A
comparison of light rail ridership with traffic counts on I-15 reveals that TRAX is carrying
approximately 20% percent of weekday work trips to downtown Salt Lake City. During peak
commute hours, that equals one lane of traffic on I-15. And in more defined markets, light rail is
making an even greater impact, currently accounting for 30 percent of weekday student trips to the
University of Utah, 50% of employees at the LDS Church Office Building, and 60% of employees at
Beneficial Life.

The Projects & Schedule

The first phase of the WFRC Long Range Plan in Salt Lake County includes four light rail projects:
the Mid-Jordan Line, the West Valley Line, the Airport Line and the Draper extension. The sales tax
increase approved in 2000 by voters in Salt Lake, Davis and Weber Counties provided funding to



complete these four projects in 30 years. But with a desire among local elected officials to
accelerate the projects, it is possible these lines could be in operation by 2014 if funding is provided.

Mid-Jordan Line

10.1 miles

Eight proposed stations

15-minute frequency

Projected ridership of 25,000-30,000 in 2025
If accelerated: open for service in 2010
Estimated cost: $335 - $370 million

West Valley Line

5.1 miles

Four proposed stations

15-minute frequency

Projected ridership of 9,000-12,000 in 2025
If accelerated: open for service in 2012

Airport Line

5.5 miles

Five proposed stations

Extends from Delta Center to Airport
Projected ridership of 6,000-9.000 in 2025
If accelerated: open for service in 2013
Estimated cost: $250 - $290 million

Draper Extension

7.0 miles

Stations to be determined

Extends from TRAX in Sandy to Draper
Projected ridership of 7,000-10,000 in 2025
If accelerated: open for service in 2014

Estimated cost: $250 - $290 million Estimated cost: $235 - $260 million

As local elected officials have been studying options for accelerating projects in the Long Range
Plan, UTA has responded by moving forward with the necessary environmental, engineering and
design work. The preliminary environmental and engineering work is almost complete on these
projects, and if funding is approved to accelerate the plan, all four projects could be under
construction within one year and open for service by 2014, significantly accelerating the schedule as
follows:

Current Funding Increased Funding

e Mid-Jordan Line 2014 2010
e West Valley Line 2021 2012
e Airport Line 2030 2013
e Draper Extension 2025 2014

Under the accelerated schedule, the cost to build the four projects is approximately $1.25 billion.
Current estimates indicate this will save taxpayers $610 million (50%) in construction costs.

Conclusion: Pay Now or Pay Later

The transportation needs are real. The Wasatch Front population is projected to double by 2030. In
a September 2005 poll conducted by Dan Jones & Associates, 74% of Salt Lake County residents
stated that “traffic congestion is a serious problem.” Eighty-one percent (81%) said “traffic
congestion is getting worse.” At current funding levels, congestion will triple in the next 25 years.
Our economic growth will be affected as business costs increase, productivity decreases and Utah
becomes a less desirable place for businesses to locate.

The benefits of investing in transportation are also real. Funding to purchase top-priority highway
rights-of-way is desperately needed, especially for the Mountain View Corridor. Highway mitigation
projects in Utah County are crucial to prepare for I-15 rebuild in the county.

With increased funding, the four light rail projects in Salt Lake County can be operational by 2014.
Accelerating the transit projects will reduce construction costs by 50%, saving taxpayers more than
$600 million. The TRAX system will more than double, with 28 miles of new light rail. A majority of
Salt Lake County residents will be within three miles of a rail line, and bus routes will be realigned to
better serve other areas and support the light rail system. These transit projects will provide
transportation options to residents, and the increased mobility will support our economic growth and
help maintain Utah’s quality of life.



Community leaders have come to the table. Much work has been done over the past few years as
local and state elected officials, the business community, planning organizations, transportation
planners and other stakeholders have partnered in an unprecedented fashion to identify critical
highway and transit needs and develop viable funding solutions.

Now the public can weigh in by voting on Nov. 7.
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September 28, 2006

Dianne R. Nielson

Executive Director

Utah Department of Environmental Quality
168 North 1950 West

P.O. Box 144810

Salt Lake City, UT 84114-4810

Re:  Appointment of Ajr Quality Staff Durning Executive Secretary’s Temporary
Absences .

Dear Executive Director Nielson:

the appointment of another DAQ staff member 1o exercise temporatily the Executive
Secretary’s authority, I have outlined below the Jegal authority that I believe supports
this approach to carrying forward the Division’s responsibilities,

The Bxecutive Director has autharity to ensure that the Department of Environmental
Quality accomplishes its mission 0 “pravide effective, coordinated management of state
environmental concerns” and “safeguard public health and quality of life by Protecting
and improving environmental quality .. ..” Utah Code Ann, § 19-1-102(2)-(3). In this
position, the Execufive Director aversees the Department’s divisions and the Executive
Secretaries of the environmental quality boards. '

To asgist in that endeavor, the Utah Conservation Act states that “[tThe executive
secretary shall be appointed by the executive director, with the approval of the board, and
shall serve under the administrative direction of the executive director.” Utzh Code Ann.
§ 19-2-107. Therefore, the Executive Secretary serves under the administrative direction
of the Executive Director. The Executive Director also has the authority to “make
policies not inconsistent with Jaw for the internal administration and government of the
department, [and] the conduct of itg employees .., .»
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Due to personal or other matters, on occasion the Executive Secretary is unable to be
present. To account for such instances, Executive Secretary Richard Sprott requests that
the Board appoint Cheryl Heying (DAQ Planning Branch Manager) to act as Executive
Secretary in his absence. The authority to “make policies . . . for the internal
administration of the department” extends to the appointment of Ms. Heying 10 exercise
the Executive Secretary’s authority on a temporary basis.

Executive Secretary Sprott also requests that this matter be placed as an action itern on
the November Air Quality Board meeting agenda, as the appointment will require the Air
Quality Board's approval.

Should you have any questions, please do not hesitate to call me at (801 5364137,
Sincerely,

Christian C. Stephens
Assistant Attorney General

cc: .. -Richard Sprott, Executive Secretary, Utah Division of Air Quality
Fred G Nelson, Assistant Attorney General
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DAQ-074-06
MEMORANDUM

TO: Utah Air Quality Board

THROUGH: Richard W. Sprott

FROM: Bill Reiss

DATE: November 1, 2006

SUBJECT: Propose for Public Comment; Amend R307-210, Stationary Sources; Amend

R307-220, Emission Standards: Plan for Designated Facilities and Add New
Section 1V, Plan for Mercury Emissions at Coal-Fired Electric Generating Units;
Add New Rule R307-224, Mercury Emission Standards: Coal-Fired Electric
Generating Units; and Add New Rule R307-424, Permits: Mercury Requirements
for Electric Generating Units.

Background:

On May 18, 2005 EPA released its Clean Air Mercury Rule (CAMR) to address airborne mercury
emissions from Electric Generating Units (EGUs.) The rule generally applies to any stationary coal-fired
boiler, serving a generator with nameplate capacity of more than 25 megawatts.

The CAMR has been structured as part of the New Source Performance Standards (NSPS.) Any new unit
(commencing construction after January 30, 2004) will be required to meet emission limits for mercury in
the revised NSPS.

In order to address pre-existing units that would otherwise have been affected by the rule, Utah must
prepare what is called a Designated Facilities Plan (DFP or the Plan). The Plan must demonstrate that,
beginning in 2010, mercury emissions from all of the affected EGUs under the State’s jurisdiction will be
no greater than the mercury emission budgets allocated to Utah under the CAMR.

The CAMR program will take place in two phases, reflecting a two-tiered reduction in nation-wide
mercury emissions from an estimated 48 tons in 1999. Phase one will begin in 2010 and run through 2017.
Under Phase one, EPA will issue a total number of mercury allowances equal to 38 tons. Phase two begins
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in 2018. Under Phase two, EPA will reduce the number of allowances to a corresponding nationwide
emission rate of 15 tons per year.

Utah’s allowances under the CAMR will be 0.506 tons per year in Phase one and 0.200 tons per year in
Phase two. As a point of comparison, EPA estimates that EGUs in Utah emitted 0.142 tons of mercury in
1999. Utah’s budgets do not include emissions from Deseret Generation and Transmission (the Bonanza
plant.) Rather, the Ute Indian Tribe has jurisdiction over that facility. The Utes are also given a budget
under the CAMR.

EPA has proposed a “model rule” to satisfy the compliance element of the Designated Facilities Plan. The
model rule is essentially a national cap and trade program. Sources within each state or tribal area could
exceed this budget if they were to secure enough extra allowances to cover the overage.

States and tribes are free to participate in this national trading program or not. Should they choose not to
take part, the DFP would have to outline alternative means of keeping the mercury emissions from these
pre-existing facilities within the budgets allocated to that state or tribe. Presumably, this alternative means
would involve emission limits and, like the model trading rule, would include provisions for monitoring,
recordkeeping and reporting.

Today’s Proposal:

Utah Division of Air Quality (DAQ) has drafted a suite of rules intended to implement a comprehensive
strategy to address mercury emissions from EGUs.

This strategy includes participation in EPA’s nationwide cap and trade program, with overall goals of
reducing mercury emissions from an estimated 48 tons per year nationwide to 38 tons per year by 2010 and
15 tons per year by 2018.

It also includes state-only provisions which establish minimum performance criteria for existing EGUs and
require offset for potential increases in mercury emissions.

The proposal is reflected in four separate rules as well as the Designated Facilities Plan. Each of these has
been included in the packet, and a brief description is provided below:

R307-224 “Mercury Emission Standards: Coal-Fired Electric Generating Units” In this rule, Utah is
proposing to incorporate by reference much of EPA’s model rule which establishes a cap and trade
program to ensure that mercury emissions from EGUs will remain in compliance with the emission
budgets established for the State of Utah. Some parts of the model rule have specifically not been
incorporated by reference.

“Designated Facilities Plan for Mercury (Hg) Emissions at Coal Fired Electric Generating Units” This
Plan (or DFP) is required under 40 CFR 60.24 to address mercury emissions at qualifying coal-fired
electric generating units that were in existence prior to EPA’s new regulations under the New Source
Performance Standards. Those parts of the model rule that have specifically not been incorporated by
reference in R307-224 are addressed here in the DFP.

R307-220 “Emission Standards: Plan for Designated Facilities” In this rule, Utah incorporates by
reference the entirety of its Designated Facilities Plan. The DFP includes sections covering: Municipal
Solid Waste Landfills (Section 1), Hospital, Medical, Infectious Waste Incinerators (Section 1), Small
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Municipal Waste Combustion Units (Section I11), and now at R307-220-5 a new “Section IV, Coal-Fired
Electric Generating Units”

R307-210 “Stationary Sources” In this rule, Utah incorporates by reference all of 40 CFR 60, Standards of
Performance for New Stationary Sources. Much of EPA’s federal rulemaking with regard to mercury
emissions from EGUs appears in part 60, and not all of it is contained in the Model Rule (which is subpart
HHHH.) Subpart HHHH is specifically not incorporated by R307-210.

R307-424 “Permits: Mercury Requirements for Electric Generating Units” In this rule, Utah seeks to
establish state-wide requirements for mercury emissions at coal-fired electric generating units. As
proposed, the rule contains two distinct provisions: 1) a requirement that any existing EGU exceeding
1,500 MMbtu/hr (heat input capacity) meet certain emission rates or control efficiencies, and 2) an offset
requirement for permitting increases in mercury emissions.

Recommendation:

DAQ staff recommends that the Utah Air Quality Board propose the attached rules and the Designated
Facilities Plan for public comment.
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A. Introduction

A federal plan to reduce mercury (Hg) emissions from coal fired electric generating units (EGUS)
has been promulgated as a revision to the New Source Performance Standards, under the
authority of section 111 of the Clean Air Act.

Emission standards for mercury emissions have been included at 40 CFR 60 subpart Da, and will
apply to any applicable source which commences construction after January 30, 2004.

Subpart B of 40 CFR 60 requires a Designated Facilities Plan (DFP or the Plan) to address
sources to which subpart Da would have applied had construction not commenced prior to the
applicable date. This document is Utah’s Plan to meet the requirements of subpart B.

As part of a nationwide control strategy, each state has been allocated an annual mercury budget
for each of two program phases: 2010 through 2017, and 2018 and thereafter.

The Designated Facilities Plan required under paragraph (h)(1) of 40 CFR 60.24 is to contain
emission standards and compliance schedules that will result in compliance with the State’s
annual EGU mercury budget. It must also require EGUs to comply with the monitoring, record
keeping, and reporting provisions of 40 CFR part 75 with regard to mercury emissions, and show
that the State has adequate legal authority to adopt and require such elements.

The EPA has presented subpart HHHH (the “Model Rule”) as a means to implement a national
trading program for mercury allowances, and thereby meet the required elements of a DFP. Ifa
state adopts regulations substantively identical to subpart HHHH, incorporates such subpart by
reference into its regulations, or adopts regulations that differ substantively from such subpart
only in terms of its allowance allocation and notification provisions, then the State’s Plan will be
automatically approved as meeting the requirements related to compliance with the annual
mercury budgets.

R307-224 directly incorporates much of subpart HHHH. This Plan supplements the incorporated
elements of subpart HHHH and specifies allocation and notification provisions for the mercury
allowances to be used in the cap and trade program. This Plan itself is incorporated by reference
at R307-220-5.

40 CFR 60, Standards of Performance for New Stationary Sources (NSPS), including subpart Da,
is incorporated by reference into the Utah Administrative Code at R307-210.

Together, R307-210, R307-224, and this Plan (incorporated into the rules at R307-220) regulate
mercury emissions from any coal-fired electric generating unit (EGU) as defined in 40 CFR 60.24
serving a generator greater than 25 megawatts nameplate capacity.
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B. Departures from the Model Rule
1. Portions of HHHH Incorporated by Reference at R307-224.

The following sections of 40 CFR Part 60, subpart HHHH (the Model Rule) effective on June 9,
2006, have been adopted and incorporated by reference into the Utah Administrative Code in
R307-224-2.

* Hg Budget Trading Program General Provisions
Sections 60.4101 through 60.4108

* Hg Designated Representative for Hg Budget Sources
Sections 60.4110 through 60.4114

* Permits

Sections 60.4120 through 60.4124

>(.

Hg Allowance Allocations
Section 60.4142, paragraphs (c)(2) through (c)(4)
These paragraphs outline the procedures for obtaining Hg allowances from
the new unit set-aside. The designated representative must submit a
written request for such allowances, in an amount not exceeding the unit’s
emissions for the prior control period, and the permitting authority will
then review the request and make allowances as appropriate.

* Hg Allowance Tracking System

Sections 60.4151 through 60.4157
* Hg Allowance Transfers
Sections 60.4160 through 60.4162

* Monitoring and Reporting

Sections 60.4170 through 60.4176

2. Portions of HHHH Specifically Not Incorporate by Reference.

The following sections of 40 CFR Part 60, subpart HHHH, effective on June 9, 2006, specifically
have not been adopted and incorporated by reference into the Utah Administrative Code.
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Hg Allowance Allocations
Section 60.4140; State Trading Budgets

This section includes mercury budgets for each of the affected States and
Tribes for control periods in each phase of the program.

Section 60.4141; Timing Requirements for:
paragraph ()

By 2006, the model rule requires the permitting authority to declare to

the Administrator the number of mercury allowance allocations for
2010-2014 (not including new unit set-aside allowances.)

paragraph (b)

By 2008 and every year thereafter, the model rule requires the
permitting authority to declare to the Administrator the number of
mercury allowance allocations it will issue for the control period 6
years hence (not including new unit set-aside allowances.) If the
permitting authority fails to make this declaration, the Administrator
shall make certain assumptions regarding such issuance.

paragraph (c)

In 2010 and every year thereafter, the model rule requires the
permitting authority to declare to the Administrator the number of
mercury allowances to be issued from the new unit set-aside. If the
permitting authority fails to make this declaration, the Administrator
shall make certain assumptions regarding such issuance.

Section 60.4142; Hg Allowance Allocations

paragraph (a)

In this paragraph, the model rule outlines procedures for determining
the baseline heat input for both new and existing EGUs. This then
becomes the basis for allocating mercury allowances.
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paragraph (b)

In this paragraph, the model rule directs the permitting authority to
allocate, to the EGUs, 95 percent of the State’s mercury budget for the
control periods in 2010-2014, and 97 percent in 2015 and beyond.

paragraph (c)(1)

In this paragraph, the model rule directs the permitting authority to set
aside the remaining 5/ 3 percent of the State’s mercury budget (for the
control periods in 2010-2014 and the control periods in 2015 and
beyond respectively) for distribution to new units.

paragraph (d)

In this paragraph, the model rule stipulates that, if there are any
unallocated mercury allowances remaining in the new unit set-aside,
the permitting authority would allocate them to the established units on
the basis of heat input.

3. Substitutions for Portions of HHHH Not Incorporated by Reference.
Instead, the following shall apply.
(a) State Trading Budget

The Utah State trading budget for annual allocations of Hg allowances for each of the control
periods in 2010 through 2017 shall be 0.506 tons (16,192 0z.) The Utah State trading budget for
annual allocations of Hg allowances for each of the control periods thereafter shall be 0.200 tons
(6,400 0z.)

(b) Notification of Hg Allowance Allocations

(i) By November 17, 2006, the Permitting Authority will submit to the Administrator the
Hg allowance allocations, in a format prescribed by the Administrator and in accordance
with (e) below and (c) below, for the control periods in 2010, 2011, and 2012.

(i) By October 31, 2009, the Permitting Authority will submit to the Administrator the
Hg allowance allocations, in a format prescribed by the Administrator and in accordance
with (e) below and (c) below, for the control periods in 2013, 2014 and 2015.

(iii) By October 31, 2010 and October 31 of each year thereafter, the Permitting
Authority will submit to the Administrator the Hg allowance allocations, in a format
prescribed by the Administrator and in accordance with (e) below and:
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(A) in accordance with (c) below, for the control period in the sixth year after
the year of the deadline for submission under this section; and

(B) in accordance with (d) below, for the control period in the year of the
applicable deadline for submission under this section.

(iv) If the Permitting Authority fails to submit to the Administrator the Hg allowance
allocations in accordance with (b)(ii) or (b)(iii) above, the Administrator will assume that
the allocations of Hg allowances for the applicable control period are the same as for the
control period that immediately precedes the applicable control period, except that:

(A) if the applicable control period is in 2018, the Administrator will assume
that the allocations equal the allocations for the control period in 2017 multiplied
by a factor of (6400/16192), and

(B) any Hg budget unit that would be otherwise allocated Hg allowances under
(c) below as well as under (d) for the applicable control period will be assumed
to be allocated no Hg allowances under (d).

(c) Hg Allowance Allocations

(i) For each control period in 2010 and thereafter, the Permitting Authority will allocate
to all Hg budget units that have a baseline heat input, as determined under (e) below, a
total amount of Hg allowances equal to 90 percent for a control period in 2010 through
2017, and 90 percent for a control period in 2018 and thereafter, of the amount of ounces
of Hg emissions in the Utah State trading budget under (a) above, except as provided in

(d)(iii).

(ii) The Permitting Authority will allocate Hg allowances to each Hg Budget unit under
(c)(i) above in an amount determined by multiplying the total amount of Hg allowances
allocated under (c)(i) above by the ratio of the baseline heat input of such Hg Budget unit
to the total amount of baseline heat input of all such Hg Budget units and rounding to the
nearest whole allowance (ounce) as appropriate.

(d) Hg Allowance Allocations: New Unit Set-Aside

(i) The Permitting Authority will establish a separate new unit set-aside for each
control period. Each new unit set-aside will be allocated Hg allowances equal to
10 percent for a control period in 2010 through 2017, and 10 percent for a control
period in 2018 and thereafter, of the amount of ounces of Hg emissions in the
State trading budget under (a).

(ii) For each control period in 2010 and thereafter, the Permitting Authority will
allocate Hg allowances to Hg Budget units that commenced operation on or after
January 1, 2001, and do not yet have a baseline heat input, as determined under
(e) below, in accordance with R307-224-2 (1)(b).
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(iii) If, after completion of the procedures under R307-224-2 (1)(b), any
unallocated Hg allowances remain in the new unit set-aside for the control period,
the permitting authority will allocate these allowances to each budget unit that
was allocated Hg allowances under (c)(i) above using the procedure described in

(c)(ii).

(e) Hg Allowance Allocations: Basis for Distribution

(i) The baseline heat input (in MMDbtu) used with respect to Hg allowance allocations
under (c) above for each Hg Budget unit commencing operation before January 1, 2001,
will be the average of the three highest amounts of the unit’s control period heat input,
resulting from the combustion of coal, within the rolling five-year period concluding
December 31* of the year prior to the year in which such allocations are to be made.

(ii) The baseline heat input (in MMbtu) used with respect to Hg allowance allocations
under (c) above for each Hg Budget unit commencing operation on or after January 1,
2001, and operating each calendar year during a period of five or more consecutive
calendar years, will be the average of the three highest amounts of the unit’s total
converted control period heat input, resulting from the combustion of coal, over the first
such five years. A unit’s converted control period heat input for a calendar year is equal
to whichever of the following is applicable:

(A) Except as provided in (B) or (C) below, the control period gross electrical
output of the generator or generators served by the unit multiplied by 7.9
MMbtu/MW-hr. If a generator is served by 2 or more units, then the gross
electrical output of the generator will be attributed to each unit in proportion to
the unit’s share of the total control period heat input of such units for the year; or

(B) For a unit that is a boiler and has equipment used to produce electricity and
useful thermal energy for industrial, commercial, heating, or cooling purposes
through the sequential use of energy, the total heat energy (in MMbtu) of the
steam produced by the boiler during the control period, divided by 0.8; or

(C) For a unit that is a combustion turbine and has equipment used to produce
electricity and useful thermal energy for industrial, commercial, heating, or
cooling purposes through the sequential use of energy, the control period gross
electrical output of the enclosed devise comprising the compressor, combustor,
and turbine multiplied by 3.413 MMbtu/MWhr, plus the total heat energy (in
MMbtu) of the steam produced by any associated heat recovery steam generator
during the control period multiplied by 0.8.

(iii) For the purpose of determining allocations of Hg allowances, a unit’s control period
heat input for a calendar year under (e)(i) above and a unit’s total ounces of Hg emissions
under R307-224-2 (1)(b) will be determined in accordance with 40 CFR part 75 to the
extent that the unit was otherwise subject to the requirements of part 75 for that year. To
the extent that the unit was not otherwise subject to the requirements of part 75 for that
year, this information will be based on the best available data reported to the executive
secretary for the unit.
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C. The Clean Air Mercury Rule (CAMR)

Utah has incorporated most of the model rule by reference into its Administrative Code.

As of this date (November 1, 2006), EPA has yet to include the amendments that comprise the
CAMR in the Code of Federal Regulations. Instead it appears in the various Federal Register
notices cited below.

1. Final Rule

Standards of Performance for New and Existing Stationary Sources: Electric Steam Generating
Units (the Clean Air Mercury Rule) (70 FR 28606, May 18, 2005.)

This final rule includes revisions to title 40, chapter | parts 60 (New Source Performance
Standards), 72 (Permits Regulation), and 75 (Continuous Emission Monitoring) of the Code of
the Federal Regulations.

The model rule itself appears as part of this rulemaking at 40 CFR 60 subpart HHHH (70 FR,
page 28657).

2. Notice of Reconsideration

Notice of Reconsideration of Final Rule and Request for Public Comment Regarding the May 18,
2005 Final Clean Air Mercury Rule (70 FR 62213, October 28, 2005.)

This was published in response to seven specific issues, raised in four petitions, concerning the
final rule.

3. Final Rule; Notice of Final Action on Reconsideration

Final Rule; Notice of Final Action on Reconsideration (71 FR 33388, June 9, 2006.)

This final action resulted in one clarification and two revisions to the CAMR.

The applicability to the CAMR was clarified in the definition of Electric Generating Unit. This
determination was applied consistently in two locations: 40 CFR 60.24(h)(8) and subpart HHHH,
40 CFR 60.4104.

The two changes that were made relate to:

* the unit-level Hg emission allocations within the 2010 phase | statewide Hg
emission budgets. This change affected minor changes to the budgets for seven
states.
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* the statistical analysis used for the NSPS limits in subpart Da. EPA did not
revise its statistical basis for the analysis, but did correct several arithmetic errors
effectively revising most of the proposed limits.



Downloaded October 11, 2006 1 of 39

Electronic Code of Federal Regulations (e-CFR)
BETA TEST SITE

e-CFR Data is current as of October 6, 2006

Title 40: Protection of Environment
PART 60—STANDARDS OF PERFORMANCE FOR NEW STATIONARY SOURCES

Browse Previous | Browse Next

Subpart Da—Standards of Performance for Electric Utility Steam Generating Units for
Which Construction is Commenced After September 18, 1978

Source: 44 FR 33613, June 11, 1979, unless otherwise noted.
§ 60.40Da Applicability and designation of affected facility.
(a) The affected facility to which this subpart applies is each electric utility steam generating unit:

(1) That is capable of combusting more than 73 megawatts (250 million Btu/hour) heat input of
fossil fuel (either alone or in combination with any other fuel); and

(2) For which construction, modification, or reconstruction is commenced after September 18,
1978.

(b) Heat recovery steam generators that are associated with stationary combustion turbines
burning fuels other than 75 percent (by heat input) or more synthetic-coal gas on a 12-month
rolling average and that meet the applicability requirements of subpart KKKK of this part are not
subject to this subpart. Heat recovery steam generators and the associated stationary
combustion turbine(s) burning fuels containing 75 percent (by heat input) or more synthetic-coal
gas on a 12-month rolling average are subject to this part and are not subject to subpart KKKK of
this part. This subpart will continue to apply to all other electric utility combined cycle gas turbines
that are capable of combusting more than 73 MW (250 MMBtu/h) heat input of fossil fuel in the
heat recovery steam generator. If the heat recovery steam generator is subject to this subpart
and the combined cycle gas turbine burn fuels other than synthetic-coal gas, only emissions
resulting from combustion of fuels in the steam-generating unit are subject to this subpart. (The
combustion turbine emissions are subject to subpart GG or KKKK, as applicable, of this part).

(c) Any change to an existing fossil-fuel-fired steam generating unit to accommodate the use of
combustible materials, other than fossil fuels, shall not bring that unit under the applicability of this
subpart.

(d) Any change to an existing steam generating unit originally designed to fire gaseous or liquid
fossil fuels, to accommodate the use of any other fuel (fossil or nonfossil) shall not bring that unit
under the applicability of this subpart.

[44 FR 33613, June 11, 1979, as amended at 63 FR 49453, Sept. 16, 1998. Redesignated at 70
FR 51268, Aug. 30, 2005, as amended at 71 FR 9876, Feb. 27, 2006; 71 FR 33399, June 9,
2006]
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§ 60.41Da Definitions.

As used in this subpart, all terms not defined herein shall have the meaning given them in the Act
and in subpart A of this part.

Anthracite means coal that is classified as anthracite according to the American Society of
Testing and Materials' (ASTM) Standard Specification for Classification of Coals by Rank D388—
77 (incorporated by reference—see §60.17).

Available purchase power means the lesser of the following:
(a) The sum of available system capacity in all neighboring companies.

(b) The sum of the rated capacities of the power interconnection devices between the principal
company and all neighboring companies, minus the sum of the electric power load on these
interconnections.

(c) The rated capacity of the power transmission lines between the power interconnection devices
and the electric generating units (the unit in the principal company that has the malfunctioning
flue gas desulfurization system and the unit(s) in the neighboring company supplying replacement
electrical power) less the electric power load on these transmission lines.

Available system capacity means the capacity determined by subtracting the system load and the
system emergency reserves from the net system capacity.

Bituminous coal means coal that is classified as bituminous according to the American Society of
Testing and Materials (ASTM) Standard Specification for Classification of Coals by Rank D388—
77,90, 91, 95, 98a, or 99 (Reapproved 2004)&epsiv; ! (incorporated by reference, see §60.17).

Boiler operating day for units constructed, reconstructed, or modified on or before February 28,
2005, means a 24-hour period during which fossil fuel is combusted in a steam-generating unit for
the entire 24 hours. For units constructed, reconstructed, or modified after February 28, 2005,
boiler operating day means a 24-hour period between 12 midnight and the following midnight
during which any fuel is combusted at any time in the steam-generating unit. It is not necessary
for fuel to be combusted the entire 24-hour period.

Coal means all solid fuels classified as anthracite, bituminous, subbituminous, or lignite by the
American Society of Testing and Materials (ASTM) Standard Specification for Classification of
Coals by Rank D388-77, 90, 91, 95, 98a, or 99 (Reapproved 2004) €1 (incorporated by
reference, see §60.17) and coal refuse. Synthetic fuels derived from coal for the purpose of
creating useful heat, including but not limited to solvent-refined coal, gasified coal, coal-oil
mixtures, and coal-water mixtures are included in this definition for the purposes of this subpart.

Coal-fired electric utility steam generating unit means an electric utility steam generating unit that
burns coal, coal refuse, or a synthetic gas derived from coal either exclusively, in any combination
together, or in any combination with other fuels in any amount.

Coal refuse means waste products of coal mining, physical coal cleaning, and coal preparation
operations (e.g. culm, gob, etc.) containing coal, matrix material, clay, and other organic and
inorganic material.
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Cogeneration, also known as “combined heat and power,” means a steam-generating unit that
simultaneously produces both electric (or mechanical) and useful thermal energy from the same
primary energy source.

Combined cycle gas turbine means a stationary turbine combustion system where heat from the
turbine exhaust gases is recovered by a steam generating unit.

Dry flue gas desulfurization technology or dry FGD means a sulfur dioxide control system that is
located downstream of the steam generating unit and removes sulfur oxides from the combustion
gases of the steam generating unit by contacting the combustion gases with an alkaline slurry or
solution and forming a dry powder material. This definition includes devices where the dry powder
material is subsequently converted to another form. Alkaline slurries or solutions used in dry FGD
technology include, but are not limited to, lime and sodium.

Duct burner means a device that combusts fuel and that is placed in the exhaust duct from
another source, such as a stationary gas turbine, internal combustion engine, kiln, etc., to allow
the firing of additional fuel to heat the exhaust gases before the exhaust gases enter a heat
recovery steam generating unit.

Electric utility combined cycle gas turbine means any combined cycle gas turbine used for electric
generation that is constructed for the purpose of supplying more than one-third of its potential
electric output capacity and more than 25 MW electrical output to any utility power distribution
system for sale. Any steam distribution system that is constructed for the purpose of providing
steam to a steam electric generator that would produce electrical power for sale is also
considered in determining the electrical energy output capacity of the affected facility.

Electric utility company means the largest interconnected organization, business, or
governmental entity that generates electric power for sale (e.g., a holding company with operating
subsidiary companies).

Electric utility steam-generating unit means any steam electric generating unit that is constructed
for the purpose of supplying more than one-third of its potential electric output capacity and more
than 25 MW net-electrical output to any utility power distribution system for sale. For the purpose
of this subpart, net-electric output is the gross electric sales to the utility power distribution system
minus purchased power on a 12-month rolling average. Also, any steam supplied to a steam
distribution system for the purpose of providing steam to a steam-electric generator that would
produce electrical energy for sale is considered in determining the electrical energy output
capacity of the affected facility.

Electrostatic precipitator or ESP means an add-on air pollution control device used to capture
particulate matter by charging the particles using an electrostatic field, collecting the particles
using a grounded collecting surface, and transporting the particles into a hopper.

Emergency condition means that period of time when:

(a) The electric generation output of an affected facility with a malfunctioning flue gas
desulfurization system cannot be reduced or electrical output must be increased because:

(1) All available system capacity in the principal company interconnected with the affected facility
is being operated, and

(2) All available purchase power interconnected with the affected facility is being obtained, or
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(b) The electric generation demand is being shifted as quickly as possible from an affected facility
with a malfunctioning flue gas desulfurization system to one or more electrical generating units
held in reserve by the principal company or by a neighboring company, or

(c) An affected facility with a malfunctioning flue gas desulfurization system becomes the only
available unit to maintain a part or all of the principal company's system emergency reserves and
the unit is operated in spinning reserve at the lowest practical electric generation load consistent
with not causing significant physical damage to the unit. If the unit is operated at a higher load to
meet load demand, an emergency condition would not exist unless the conditions under (a) of
this definition apply.

Emission limitation means any emissions limit or operating limit.
Emission rate period means any calendar month included in a 12-month rolling average period.

Federally enforceable means all limitations and conditions that are enforceable by the
Administrator, including the requirements of 40 CFR parts 60 and 61, requirements within any
applicable State implementation plan, and any permit requirements established under 40 CFR
52.21 or 40 CFR 51.18 and 40 CFR 51.24.

Fossil fuel means natural gas, petroleum, coal, and any form of solid, liquid, or gaseous fuel
derived from such material for the purpose of creating useful heat.

Gaseous fuel means any fuel derived from coal or petroleum that is present as a gas at standard
conditions and includes, but is not limited to, refinery fuel gas, process gas, and coke-oven gas.

Gross output means the gross useful work performed by the steam generated. For units
generating only electricity, the gross useful work performed is the gross electrical output from the
turbine/generator set. For cogeneration units, the gross useful work performed is the gross
electrical output plus 75 percent of the useful thermal output measured relative to ISO conditions
that is not used to generate additional electrical or mechanical output (i.e., steam delivered to an
industrial process).

24-hour period means the period of time between 12:01 a.m. and 12:00 midnight.

Integrated gasification combined cycle electric utility steam generating unit or IGCC means a
coal-fired electric utility steam generating unit that burns a synthetic gas derived from coal in a
combined-cycle gas turbine. No coal is directly burned in the unit during operation.

Interconnected means that two or more electric generating units are electrically tied together by a
network of power transmission lines, and other power transmission equipment.

ISO conditions means a temperature of 288 Kelvin, a relative humidity of 60 percent, and a
pressure of 101.3 kilopascals.

Lignite means coal that is classified as lignite A or B according to the American Society of Testing
and Materials' (ASTM) Standard Specification for Classification of Coals by Rank D388-77, 90,
91, 95, or 98a (incorporated by reference—see §60.17).

Natural gas means:

(1) A naturally occurring mixture of hydrocarbon and nonhydrocarbon gases found in geologic
formations beneath the earth's surface, of which the principal constituent is methane; or
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(2) Liquid petroleum gas, as defined by the American Society of Testing and Materials (ASTM)
Standard Specification for Liquid Petroleum Gases D1835-87, 91, 97, or 03a (incorporated by
reference, see §60.17).

Neighboring company means any one of those electric utility companies with one or more electric
power interconnections to the principal company and which have geographically adjoining service
areas.

Net system capacity means the sum of the net electric generating capability (not necessarily
equal to rated capacity) of all electric generating equipment owned by an electric utility company
(including steam generating units, internal combustion engines, gas turbines, nuclear units,
hydroelectric units, and all other electric generating equipment) plus firm contractual purchases
that are interconnected to the affected facility that has the malfunctioning flue gas desulfurization
system. The electric generating capability of equipment under multiple ownership is prorated
based on ownership unless the proportional entitlement to electric output is otherwise established
by contractual arrangement.

Noncontinental area means the State of Hawaii, the Virgin Islands, Guam, American Samoa, the
Commonwealth of Puerto Rico, or the Northern Mariana Islands.

Petroleum means crude oil or petroleum or a fuel derived from crude oil or petroleum, including
distillate, residual oil, and petroleum coke.

Potential combustion concentration means the theoretical emissions (ng/J, Ib/million Btu heat
input) that would result from combustion of a fuel in an uncleaned state without emission control
systems) and:

(a) For particulate matter is:

(1) 3,000 ng/J (7.0 Ib/million Btu) heat input for solid fuel; and
(2) 73 ng/J (0.17 Ib/million Btu) heat input for liquid fuels.

(b) For sulfur dioxide is determined under §60.50Da(b).

(c) For nitrogen oxides is:

(1) 290 ng/J (0.67 Ib/million Btu) heat input for gaseous fuels;
(2) 310 ng/J (0.72 Ib/million Btu) heat input for liquid fuels; and
(3) 990 ng/J (2.30 Ib/million Btu) heat input for solid fuels.

Potential electrical output capacity is defined as 33 percent of the maximum design heat input
capacity of the steam generating unit (e.g., a steam generating unit with a 100—MW (340 million
Btu/hr) fossil-fuel heat input capacity would have a 33—MW potential electrical output capacity).
For electric utility combined cycle gas turbines the potential electrical output capacity is
determined on the basis of the fossil-fuel firing capacity of the steam generator exclusive of the
heat input and electrical power contribution by the gas turbine.

Principal company means the electric utility company or companies which own the affected
facility.
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Resource recovery unit means a facility that combusts more than 75 percent non-fossil fuel on a
quarterly (calendar) heat input basis.

Responsible official means responsible official as defined in 40 CFR 70.2.

Solid-derived fuel means any solid, liquid, or gaseous fuel derived from solid fuel for the purpose
of creating useful heat and includes, but is not limited to, solvent refined coal, liquified coal, and
gasified coal.

Spare flue gas desulfurization system module means a separate system of sulfur dioxide
emission control equipment capable of treating an amount of flue gas equal to the total amount of
flue gas generated by an affected facility when operated at maximum capacity divided by the total
number of nonspare flue gas desulfurization modules in the system.

Spinning reserve means the sum of the unutilized net generating capability of all units of the
electric utility company that are synchronized to the power distribution system and that are
capable of immediately accepting additional load. The electric generating capability of equipment
under multiple ownership is prorated based on ownership unless the proportional entitlement to
electric output is otherwise established by contractual arrangement.

Steam generating unit means any furnace, boiler, or other device used for combusting fuel for the
purpose of producing steam (including fossil-fuel-fired steam generators associated with
combined cycle gas turbines; nuclear steam generators are not included).

Subbituminous coal means coal that is classified as subbituminous A, B, or C according to the
American Society of Testing and Materials (ASTM) Standard Specification for Classification of
Coals by Rank D388-77, 90, 91, 95, or 98a (incorporated by reference—see §60.17).

System emergency reserves means an amount of electric generating capacity equivalent to the
rated capacity of the single largest electric generating unit in the electric utility company (including
steam generating units, internal combustion engines, gas turbines, nuclear units, hydroelectric
units, and all other electric generating equipment) which is interconnected with the affected facility
that has the malfunctioning flue gas desulfurization system. The electric generating capability of
equipment under multiple ownership is prorated based on ownership unless the proportional
entitlement to electric output is otherwise established by contractual arrangement.

System load means the entire electric demand of an electric utility company's service area
interconnected with the affected facility that has the malfunctioning flue gas desulfurization
system plus firm contractual sales to other electric utility companies. Sales to other electric utility
companies (e.g., emergency power) not on a firm contractual basis may also be included in the
system load when no available system capacity exists in the electric utility company to which the
power is supplied for sale.

Wet flue gas desulfurization technology or wet FGD means a sulfur dioxide control system that is
located downstream of the steam generating unit and removes sulfur oxides from the combustion
gases of the steam generating unit by contacting the combustion gases with an alkaline slurry or
solution and forming a liquid material. This definition applies to devices where the aqueous liquid
material product of this contact is subsequently converted to other forms. Alkaline reagents used
in wet FGD technology include, but are not limited to, lime, limestone, and sodium.

[44 FR 33613, June 11, 1979, as amended at 48 FR 3737, Jan. 27, 1983; 63 FR 49453, Sept. 16,
1998; 65 FR 61752, Oct. 17, 2000; 66 FR 18551, Apr. 10, 2001; 70 FR 28652, May 18, 2005.
Redesignated at 70 FR 51268, Aug. 30, 2005, as amended at 71 FR 9876, Feb. 27, 2006; 71 FR
33400, June 9, 2006]
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§ 60.42Da Standard for particulate matter.

(a) On and after the date on which the performance test required to be conducted under §60.8 is
completed, no owner or operator subject to the provisions of this subpart shall cause to be
discharged into the atmosphere from any affected facility for which construction, reconstruction,
or modification commenced before or on February 28, 2005, any gases that contain particulate
matter in excess of:

(1) 13 ng/J (0.03 Ib/million Btu) heat input derived from the combustion of solid, liquid, or gaseous
fuel;

(2) 1 percent of the potential combustion concentration (99 percent reduction) when combusting
solid fuel; and

(3) 30 percent of potential combustion concentration (70 percent reduction) when combusting
liquid fuel.

(b) On and after the date the particulate matter performance test required to be conducted under
§60.8 is completed, no owner or operator subject to the provisions of this subpart shall cause to
be discharged into the atmosphere from any affected facility any gases which exhibit greater than
20 percent opacity (6-minute average), except for one 6-minute period per hour of not more than
27 percent opacity.

(c) On and after the date on which the performance test required to be conducted under §60.8 is
completed, no owner or operator subject to the provisions of this subpart shall cause to be
discharged into the atmosphere from any affected facility for which construction, reconstruction,
or modification is commenced after February 28, 2005, except for modified affected facilities
meeting the requirements of paragraph (d) of this section, any gases that contain particulate
matter in excess of either:

(1) 18 ng/J (0.14 Ib/MWh) gross energy output; or

(2) 6.4 ng/J (0.015 Ib/MMBtu) heat input derived from the combustion of solid, liquid, or gaseous
fuel.

(d) As an alternative to meeting the requirements of paragraph (c) of this section, the owner or
operator of an affected facility for which construction, reconstruction, or modification commenced
after February 28, 2005, may elect to meet the requirements of this paragraph. On and after the
date on which the performance test required to be conducted under §60.8 is completed, the
owner or operator subject to the provisions of this subpart shall not cause to be discharged into
the atmosphere from any affected facility for which construction, reconstruction, or modification
commenced after February 28, 2005, any gases that contain particulate matter in excess of:

(1) 13 ng/J (0.03 Ib/MMBtu) heat input derived from the combustion of solid, liquid, or gaseous
fuel, and

(2) 0.1 percent of the combustion concentration determined according to the procedure in
§60.48Da(0)(5) (99.9 percent reduction) for an affected facility for which construction or
reconstruction commenced after February 28, 2005 when combusting solid fuel or solid-derived
fuel, or
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(3) 0.2 percent of the combustion concentration determined according to the procedure in
§60.48Da(0)(5) (99.8 percent reduction) for an affected facility for which modification commenced
after February 28, 2005 when combusting solid fuel or solid-derived fuel.

[44 FR 33613, June 11, 1979. Redesignated at 70 FR 51268, Aug. 30, 2005, as amended at 71
FR 9877, Feb. 27, 2006]

§ 60.43Da Standard for sulfur dioxide.

(a) On and after the date on which the initial performance test required to be conducted under
§60.8 is completed, no owner or operator subject to the provisions of this subpart shall cause to
be discharged into the atmosphere from any affected facility which combusts solid fuel or solid-
derived fuel and for which construction, reconstruction, or modification commenced before or on
February 28, 2005, except as provided under paragraphs (c), (d), (f) or (h) of this section, any
gases that contain sulfur dioxide in excess of:

(1) 520 ng/J (1.20 Ib/million Btu) heat input and 10 percent of the potential combustion
concentration (90 percent reduction), or

(2) 30 percent of the potential combustion concentration (70 percent reduction), when emissions
are less than 260 ng/J (0.60 Ib/million Btu) heat input.

(b) On and after the date on which the initial performance test required to be conducted under
§60.8 is completed, no owner or operator subject to the provisions of this subpart shall cause to
be discharged into the atmosphere from any affected facility which combusts liquid or gaseous
fuels (except for liquid or gaseous fuels derived from solid fuels and as provided under
paragraphs (e) or (h) of this section) and for which construction, reconstruction, or modification
commenced before or on February 28, 2005, any gases that contain sulfur dioxide in excess of:

(1) 340 ng/J (0.80 Ib/million Btu) heat input and 10 percent of the potential combustion
concentration (90 percent reduction), or

(2) 100 percent of the potential combustion concentration (zero percent reduction) when
emissions are less than 86 ng/J (0.20 Ib/million Btu) heat input.

(c) On and after the date on which the initial performance test required to be conducted under
§60.8 is complete, no owner or operator subject to the provisions of this subpart shall cause to be
discharged into the atmosphere from any affected facility which combusts solid solvent refined
coal (SRC-I) any gases which contain sulfur dioxide in excess of 520 ng/J (1.20 Ib/million Btu)
heat input and 15 percent of the potential combustion concentration (85 percent reduction) except
as provided under paragraph (f) of this section; compliance with the emission limitation is
determined on a 30-day rolling average basis and compliance with the percent reduction
requirement is determined on a 24-hour basis.

(d) Sulfur dioxide emissions are limited to 520 ng/J (1.20 Ib/million Btu) heat input from any
affected facility which:

(1) Combusts 100 percent anthracite,
(2) Is classified as a resource recovery unit, or

(3) Is located in a noncontinental area and combusts solid fuel or solid-derived fuel.
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(e) Sulfur dioxide emissions are limited to 340 ng/J (0.80 Ib/million Btu) heat input from any
affected facility which is located in a noncontinental area and combusts liquid or gaseous fuels
(excluding solid-derived fuels).

(f) The emission reduction requirements under this section do not apply to any affected facility
that is operated under an SO, commercial demonstration permit issued by the Administrator in
accordance with the provisions of §60.47Da.

(g) Compliance with the emission limitation and percent reduction requirements under this section
are both determined on a 30-day rolling average basis except as provided under paragraph (c) of
this section.

(h) When different fuels are combusted simultaneously, the applicable standard is determined by
proration using the following formula:

(1) If emissions of sulfur dioxide to the atmosphere are greater than 260 ng/J (0.60 Ib/million Btu)
heat input

E.=(340x+520 y)/100 and
%Ps=10

(2) If emissions of sulfur dioxide to the atmosphere are equal to or less than 260 ng/J (0.60
Ib/million Btu) heat input:

E<=(340x+520 y)/100 and

%Ps=(10x+30 y)/100

where:

E; is the prorated sulfur dioxide emission limit (ng/J heat input),
%Ps is the percentage of potential sulfur dioxide emission allowed.

x is the percentage of total heat input derived from the combustion of liquid or gaseous fuels
(excluding solid-derived fuels)

y is the percentage of total heat input derived from the combustion of solid fuel (including solid-
derived fuels)

(i) On and after the date on which the performance test required to be conducted under §60.8 is
completed, no owner or operator subject to the provisions of this subpart shall cause to be
discharged into the atmosphere from any affected facility for which construction, reconstruction,
or modification commenced after February 28, 2005, except as provided for under paragraphs (j)
or (k) of this section, any gases that contain sulfur dioxide in excess of the applicable emission
limitation specified in paragraphs (i)(1) through (3) of this section.

(1) For an affected facility for which construction commenced after February 28, 2005, any gases
that contain sulfur dioxide in excess of either:

(i) 180 ng/J (1.4 Ib/MWh) gross energy output on a 30-day rolling average basis, or
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(i) 5 percent of the potential combustion concentration (95 percent reduction) on a 30-day rolling
average basis.

(2) For an affected facility for which reconstruction commenced after February 28, 2005, any
gases that contain sulfur dioxide in excess of either:

(i) 180 ng/J (1.4 Ib/MWh) gross energy output on a 30-day rolling average basis,
(i) 65 ng/J (0.15 Ib/MMBtu) heat input on a 30-day rolling average basis, or

(iii) 5 percent of the potential combustion concentration (95 percent reduction) on a 30-day rolling
average basis.

(3) For an affected facility for which modification commenced after February 28, 2005, any gases
that contain sulfur dioxide in excess of either:

(i) 180 ng/J (1.4 Ib/MWh) gross energy output on a 30-day rolling average basis,
(i) 65 ng/J (0.15 Ib/MMBtu) heat input on a 30-day rolling average basis, or

(iii) 10 percent of the potential combustion concentration (90 percent reduction) on a 30-day
rolling average basis.

(j) On and after the date on which the performance test required to be conducted under §60.8 is
completed, no owner or operator subject to the provisions of this subpart shall cause to be
discharged into the atmosphere from any affected facility for which construction, reconstruction,
or modification commenced after February 28, 2005, and that burns 75 percent or more (by heat
input) coal refuse on a 12-month rolling average basis, any gases that contain sulfur dioxide in
excess of the applicable emission limitation specified in paragraphs (j)(1) through (3) of this
section.

(1) For an affected facility for which construction commenced after February 28, 2005, any gases
that contain sulfur dioxide in excess of either:

(i) 180 ng/J (1.4 Ib/MWh) gross energy output on a 30-day rolling average basis, or

(i) 6 percent of the potential combustion concentration (94 percent reduction) on a 30-day rolling
average basis.

(2) For an affected facility for which reconstruction commenced after February 28, 2005, any
gases that contain sulfur dioxide in excess of either:

(i) 180 ng/J (1.4 Ib/MWh) gross energy output on a 30-day rolling average basis,
(i) 65 ng/J (0.15 Ib/MMBtu) heat input on a 30-day rolling average basis, or

(iii) 6 percent of the potential combustion concentration (94 percent reduction) on a 30-day rolling
average basis.

(3) For an affected facility for which modification commenced after February 28, 2005, any gases
that contain sulfur dioxide in excess of either:
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(i) 180 ng/J (1.4 Ib/MWNh) gross energy output on a 30-day rolling average basis,
(i) 65 ng/J (0.15 Ib/MMBtu) heat input on a 30-day rolling average basis, or

(iii) 10 percent of the potential combustion concentration (90 percent reduction) on a 30-day
rolling average basis.

(k) On and after the date on which the performance test required to be conducted under §60.8 is
completed, no owner or operator subject to the provisions of this subpart shall cause to be
discharged into the atmosphere from any affected facility for which construction, reconstruction,
or modification commenced after February 28, 2005, and that is located in a noncontinental area,
any gases that contain sulfur dioxide in excess of the applicable emission limitation specified in
paragraphs (k)(1) and (2) of this section.

(1) For an affected facility that burns solid or solid-derived fuel, the owner or operator shall not
cause to be discharged into the atmosphere any gases that contain sulfur dioxide in excess of
520 ng/J (1.2 Ib/MMBtu) heat input on a 30-day rolling average basis.

(2) For an affected facility that burns other than solid or solid-derived fuel, the owner or operator
shall not cause to be discharged into the atmosphere any gases that contain sulfur dioxide in
excess of if the affected facility or 230 ng/J (0.54 Ib/MMBtu) heat input on a 30-day rolling
average basis.

[44 FR 33613, June 11, 1979, as amended at 54 FR 6663, Feb. 14, 1989; 54 FR 21344, May 17,
1989; 65 FR 61752, Oct. 17, 2000. Redesignated and amended at 70 FR 51268, Aug. 30, 2005;
71 FR 9877, Feb. 27, 2006]

§ 60.44Da Standard for nitrogen oxides.

(a) On and after the date on which the initial performance test required to be conducted under
§60.8 is completed, no owner or operator subject to the provisions of this subpart shall cause to
be discharged into the atmosphere from any affected facility, except as provided under
paragraphs (b) and (d) of this section, any gases which contain nitrogen oxides (expressed as
NO,) in excess of the following emission limits, based on a 30-day rolling average, except as
provided under §60.48Da(j)(1):

(1) NOx emission limits.

Emission limit for

heat input
Fuel type (lb/
ng/J million
Btu)
Gaseous fuels:
Coal-derived fuels. .. ... e e e eeeee s 210 0.50
ALl other fuels. . . ... e e e e e e e e 86 0.20
Liquid fuels:
Coal-derived fuels. ... e e e e e e eea e a s 210 0.50

Shale ol . .. e e e e e e e e e e e e eaaas 210 0.50
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All other fuels. ... .. ... i 130 0.30
Solid fuels:
Coal-derived fuels. ... _ ... . . ... ... ..... 210 0.50
Any fuel containing more than 25%, by weight, (\1\ ) ([QVAND)
coal refuse. ... L.
Any fuel containing more than 25%, by weight, 340 0.80

lignite 1T the lignite 1s mined in North
Dakota, South Dakota, or Montana, and is
combusted in a slag tap furnace\2\...........
Any fuel containing more than 25%, by weight,
lignite not subject to the 340 ng/J heat
input emission Limit\2\. ... .. .. .. ... .........

Subbituminous coal . .. ... . .. 210 0.50
Bituminous coall . ... .. e e e e e e 260 0.60
Anthracite coal .. ... ... e e eeeaa 260 0.60
ALl other fuels. ... ... e e e eeeaa 260 0.60

\1\ Exempt from NOX standards and NOX monitoring requirements.
\2\ Any fuel containing less than 25%, by weight, lignite is not
prorated but its percentage is added to the percentage of the

predominant fuel.

(2) NOx reduction requirement.

Percent
reduction of
Fuel type potential
combustion
concentration
Gaseous fTuels. ... e e e e e e e eem e e aeeeeaaaaaa- 25
Liquid fuels. ... i e e e e e e aeaaaaaan 30
Solid Fuels. . oo e e e e e e e e e eeeeeeaaaaaan 65

(b) The emission limitations under paragraph (a) of this section do not apply to any affected facility which is
combusting coal-derived liquid fuel and is operating under a commercial demonstration permit issued by the
Administrator in accordance with the provisions of §60.47Da.

(c) Except as provided under paragraph (d) of this section, when two or more fuels are combusted
simultaneously, the applicable standard is determined by proration using the following formula:

E,=[86 w+130x+210 y+260 z+340 v]/100
where:

E, is the applicable standard for nitrogen oxides when multiple fuels are combusted simultaneously (ng/J
heat input);

w is the percentage of total heat input derived from the combustion of fuels subject to the 86 ng/J heat input
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standard;

x is the percentage of total heat input derived from the combustion of fuels subject to the 130 ng/J heat input
standard;

y is the percentage of total heat input derived from the combustion of fuels subject to the 210 ng/J heat input
standard;

z is the percentage of total heat input derived from the combustion of fuels subject to the 260 ng/J heat input
standard; and

v is the percentage of total heat input delivered from the combustion of fuels subject to the 340 ng/J heat
input standard.

(d)(1) On and after the date on which the initial performance test required to be conducted under §60.8 is
completed, no new source owner or operator subject to the provisions of this subpart shall cause to be
discharged into the atmosphere from any affected facility for which construction commenced after July 9,
1997, but before or on February 28, 2005, any gases that contain nitrogen oxides (expressed as NO,) in
excess of 200 ng/J (1.6 Ib/MWh) gross energy output, based on a 30-day rolling average, except as provided
under §60.48Da(k).

(2) On and after the date on which the initial performance test required to be conducted under §60.8 is
completed, no existing source owner or operator subject to the provisions of this subpart shall cause to be
discharged into the atmosphere from any affected facility for which reconstruction commenced after July 9,
1997, but before or on February 28, 2005, any gases that contain nitrogen oxides (expressed as NO,) in
excess of 65 ng/J (0.15 Ib/MMBtu) heat input, based on a 30-day rolling average.

(e) On and after the date on which the performance test required to be conducted under §60.8 is completed,
no owner or operator subject to the provisions of this subpart shall cause to be discharged into the
atmosphere from any affected facility for which construction, reconstruction, or modification commenced
after February 28, 2005, except for an IGCC meeting the requirements of paragraph (f) of this section, any
gases that contain nitrogen oxides (expressed as NO,) in excess of the applicable emission limitation
specified in paragraphs (e)(1) through (3) of this section.

(1) For an affected facility for which construction commenced after February 28, 2005, the owner or
operator shall not cause to be discharged into the atmosphere any gases that contain nitrogen oxides
(expressed as NO,) in excess of 130 ng/J (1.0 Ib/MWh) gross energy output on a 30-day rolling average
basis, except as provided under §60.48Da(k).

(2) For an affected facility for which reconstruction commenced after February 28, 2005, the owner or
operator shall not cause to be discharged into the atmosphere any gases that contain nitrogen oxides
(expressed as NO,) in excess of either:

(1) 130 ng/J (1.0 Ib/MWh) gross energy output on a 30-day rolling average basis, or
(1) 47 ng/J (0.11 Ib/MMBtu) heat input on a 30-day rolling average basis.

(3) For an affected facility for which modification commenced after February 28, 2005, the owner or
operator shall not cause to be discharged into the atmosphere any gases that contain nitrogen oxides
(expressed as NO») in excess of either:
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(1) 180 ng/J (1.4 Ib/MWh) gross energy output on a 30-day rolling average basis, or
(1) 65 ng/J (0.15 Ib/MMBtu) heat input on a 30-day rolling average basis.

() On and after the date on which the performance test required to be conducted under §60.8 is completed,
the owner or operator of an IGCC subject to the provisions of this subpart that burns liquid fuel as a
supplemental fuel and for which construction, reconstruction, or modification commenced after February
28, 2005, shall meet the requirements specified in paragraphs (f)(1) through (3) of this section.

(1) The owner or operator shall not cause to be discharged into the atmosphere any gases that contain
nitrogen oxides (expressed as NO,) in excess of 130 ng/J (1.0 Ib/MWh) gross energy output on a 30-day
rolling average basis, except as provided for in paragraphs (f)(2) and (3) of this section.

(2) When burning liquid fuel exclusively or in combination with synthetic gas derived from coal such that
the liquid fuel contributes 50 percent or more of the total heat input to the combined cycle combustion
turbine, the owner or operator shall not cause to be discharged into the atmosphere any gases that contain
nitrogen oxides (expressed as NO,) in excess of 190 ng/J (1.5 Ib/MWh) gross energy output on a 30-day
rolling average basis.

(3) In cases when during a 30-day rolling average compliance period liquid fuel is burned in such a manner
to meet the conditions in paragraph (f)(2) of this section for only a portion of the 30-day period, the owner
or operator shall not cause to be discharged into the atmosphere any gases that contain nitrogen oxides
(expressed as NO,) in excess of the computed weighted-average emissions limit based on the proportion of
gross energy output (in MWh) generated during the compliance period for each of emissions limits in
paragraphs (f)(1) and (2) of this section.

[44 FR 33613, June 11, 1979, as amended at 54 FR 6664, Feb. 14, 1989; 63 FR 49453, Sept. 16, 1998; 66
FR 18551, Apr. 10, 2001; 66 FR 42610, Aug. 14, 2001. Redesignated and amended at 70 FR 51268, Aug.
30,2005; 71 FR 9878, Feb. 27, 2006]

8 60.45Da Standard for mercury.

(a) For each coal-fired electric utility steam generating unit other than an integrated gasification combined
cycle (IGCC) electric utility steam generating unit, on and after the date on which the initial performance
test required to be conducted under §60.8 is completed, no owner or operator subject to the provisions of
this subpart shall cause to be discharged into the atmosphere from any affected facility for which
construction, modification, or reconstruction commenced after January 30, 2004, any gases which contain
mercury (Hg) emissions in excess of each Hg emissions limit in paragraphs (a)(1) through (5) of this section
that applies to you. The Hg emissions limits in paragraphs (a)(1) through (5) of this section are based on a
12-month rolling average using the procedures in §60.50Da(h).

(1) For each coal-fired electric utility steam generating unit that burns only bituminous coal, you must not
discharge into the atmosphere any gases from a new affected source which contain Hg in excess of 20 x
10 pound per megawatt hour (Ib/MWh) or 0.020 Ib/gigawatt-hour (GWh) on an output basis. The
International System of Units (SI) equivalent is 0.0025 nanograms per joule (ng/J).

(2) For each coal-fired electric utility steam generating unit that burns only subbituminous coal:

(i) If your unit is located in a county-level geographical area receiving greater than 25 inches per year (in/yr)
mean annual precipitation, based on the most recent publicly available U.S. Department of Agriculture 30-
year data, you must not discharge into the atmosphere any gases from a new affected source which contain
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Hg in excess of 66 x 10°° Ib/MWh or 0.066 Ib/GWh on an output basis. The SI equivalent is 0.0083 ng/J.

(i1) If your unit is located in a county-level geographical area receiving less than or equal to 25 in/yr mean
annual precipitation, based on the most recent publicly available U.S. Department of Agriculture 30-year
data, you must not discharge into the atmosphere any gases from a new affected source which contain Hg in
excess of 97 x 10°® [b/MWh or 0.097 Ib/GWh on an output basis. The SI equivalent is 0.0122 ng/J.

(3) For each coal-fired electric utility steam generating unit that burns only lignite, you must not discharge
into the atmosphere any gases from a new affected source which contain Hg in excess of 175 x 107
1b/MWh or 0.175 1b/GWh on an output basis. The SI equivalent is 0.0221 ng/J.

(4) For each coal-burning electric utility steam generating unit that burns only coal refuse, you must not
discharge into the atmosphere any gases from a new affected source which contain Hg in excess of 16 x
107% Ib/MWh or 0.016 1b/GWh on an output basis. The SI equivalent is 0.0020 ng/J.

(5) For each coal-fired electric utility steam generating unit that burns a blend of coals from different coal
ranks (i.e., bituminous coal, subbituminous coal, lignite) or a blend of coal and coal refuse, you must not
discharge into the atmosphere any gases from a new affected source that contain Hg in excess of the
monthly unit-specific Hg emissions limit established according to paragraph (a)(5)(i) or (ii) of this section,
as applicable to the affected unit.

(1) If you operate a coal-fired electric utility steam generating unit that burns a blend of coals from different
coal ranks or a blend of coal and coal refuse, you must not discharge into the atmosphere any gases from a
new affected source that contain Hg in excess of the computed weighted Hg emissions limit based on the
proportion of energy output (in British thermal units, Btu) contributed by each coal rank burned during the
compliance period and its applicable Hg emissions limit in paragraphs (a)(1) through (4) of this section as
determined using Equation 1 of this section. You must meet the weighted Hg emissions limit calculated
using Equation 1 of this section by calculating the unit emission rate based on the total Hg loading of the
unit and the total Btu or megawatt hours contributed by all fuels burned during the compliance period.

> EL (HH,)
ELb="1m— (Eq. 13

> HH,

iml
Where:

EL, = Total allowable Hg in Ib/MWh that can be emitted to the atmosphere from any affected
source being averaged under the blending provision.

EL; = Hg emissions limit for the subcategory i (coal rank) that applies to affected source, Ib/MWh.

HH; = Electricity output from affected source during the production period related to use of the
corresponding subcategory i (coal rank) that falls within the compliance period, gross MWh
generated by the electric utility steam generating unit.

n = Number of subcategories (coal ranks) being averaged for an affected source.

(ii) If you operate a coal-fired electric utility steam generating unit that burns a blend of coals from
different coal ranks or a blend of coal and coal refuse together with one or more non-regulated,
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supplementary fuels, you must not discharge into the atmosphere any gases from the unit that
contain Hg in excess of the computed weighted Hg emission limit based on the proportion of
electricity output (in MWh) contributed by each coal rank burned during the compliance period and
its applicable Hg emissions limit in paragraphs (a)(1) through (4) of this section as determined
using Equation 1 of this section. You must meet the weighted Hg emissions limit calculated using
Equation 1 of this section by calculating the unit emission rate based on the total Hg loading of the
unit and the total megawatt hours contributed by both regulated and nonregulated fuels burned
during the compliance period.

(b) For each IGCC electric utility steam generating unit, on and after the date on which the initial
performance test required to be conducted under §60.8 is completed, no owner or operator
subject to the provisions of this subpart shall cause to be discharged into the atmosphere from
any affected facility for which construction, modification, or reconstruction commenced after
January 30, 2004, any gases which contain Hg emissions in excess of 20 x 107° Ib/MWh or 0.020
Ib/GWHh on an output basis. The Sl equivalent is 0.0025 ng/J. This Hg emissions limit is based on
a 12-month rolling average using the procedures in §60.50Da(g).

[70 FR 28653, May 18, 2005. Redesignated and amended at 70 FR 51268, Aug. 30, 2005; 71 FR
33400, June 9, 2006]

§ 60.46Da [Reserved]
§ 60.47Da Commercial demonstration permit.

(a) An owner or operator of an affected facility proposing to demonstrate an emerging technology
may apply to the Administrator for a commercial demonstration permit. The Administrator will
issue a commercial demonstration permit in accordance with paragraph (e) of this section.
Commercial demonstration permits may be issued only by the Administrator, and this authority will
not be delegated.

(b) An owner or operator of an affected facility that combusts solid solvent refined coal (SRC-I)
and who is issued a commercial demonstration permit by the Administrator is not subject to the
SO, emission reduction requirements under §60.43Da(c) but must, as a minimum, reduce SO,
emissions to 20 percent of the potential combustion concentration (80 percent reduction) for each
24-hour period of steam generator operation and to less than 520 ng/J (1.20 Ib/million Btu) heat
input on a 30-day rolling average basis.

(c) An owner or operator of a fluidized bed combustion electric utility steam generator
(atmospheric or pressurized) who is issued a commercial demonstration permit by the
Administrator is not subject to the SO, emission reduction requirements under §60.43Da(a) but
must, as a minimum, reduce SO, emissions to 15 percent of the potential combustion
concentration (85 percent reduction) on a 30-day rolling average basis and to less than 520 ng/J
(1.20 Ib/million Btu) heat input on a 30-day rolling average basis.

(d) The owner or operator of an affected facility that combusts coal-derived liquid fuel and who is
issued a commercial demonstration permit by the Administrator is not subject to the applicable
NOx emission limitation and percent reduction under §60.44Da(a) but must, as a minimum, reduce
emissions to less than 300 ng/J (0.70 Ib/million Btu) heat input on a 30-day rolling average basis.

(e) Commercial demonstration permits may not exceed the following equivalent MW electrical
generation capacity for any one technology category, and the total equivalent MW electrical
generation capacity for all commercial demonstration plants may not exceed 15,000 MW.



Downloaded October 11, 2006 17 of 39

Equivalent

electrical
Technology Pollutant capacity (Mw

electrical

output)
Solid solvent refined coal (SRC 1)....... S02 6,000-10,000
Fluidized bed combustion (atmospheric)... SO2 400-3,000
Fluidized bed combustion (pressurized)... SO2 400-1,200
Coal liquification...... .. .. ... ... .. .... NOX 750-10,000
Total allowable for all technologies.............. 15,000

[44 FR 33613, June 11, 1979. Redesignated at 70 FR 28653, May 18, 2005, and further
redesignated and amended at 70 FR 51268, Aug. 30, 2005]

§ 60.48Da Compliance provisions.

(a) Compliance with the particulate matter emission limitation under §60.42Da(a)(1) constitutes
compliance with the percent reduction requirements for particulate matter under §60.42Da(a)(2)
and (3).

(b) Compliance with the nitrogen oxides emission limitation under §60.44Da(a) constitutes
compliance with the percent reduction requirements under §60.44Da(a)(2).

(c) The particulate matter emission standards under §60.42Da, the nitrogen oxides emission
standards under §60.44Da, and the Hg emission standards under §60.45Da apply at all times
except during periods of startup, shutdown, or malfunction.

(d) During emergency conditions in the principal company, an affected facility with a
malfunctioning flue gas desulfurization system may be operated if sulfur dioxide emissions are
minimized by:

(1) Operating all operable flue gas desulfurization system modules, and bringing back into
operation any malfunctioned module as soon as repairs are completed,

(2) Bypassing flue gases around only those flue gas desulfurization system modules that have
been taken out of operation because they were incapable of any sulfur dioxide emission reduction
or which would have suffered significant physical damage if they had remained in operation, and

(3) Designing, constructing, and operating a spare flue gas desulfurization system module for an
affected facility larger than 365 MW (1,250 million Btu/hr) heat input (approximately 125 MW
electrical output capacity). The Administrator may at his discretion require the owner or operator
within 60 days of notification to demonstrate spare module capability. To demonstrate this
capability, the owner or operator must demonstrate compliance with the appropriate requirements
under paragraph (a), (b), (d), (e), and (h) under §60.43Da for any period of operation lasting from
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24 hours to 30 days when:
(i) Any one flue gas desulfurization module is not operated,
(i) The affected facility is operating at the maximum heat input rate,

(iii) The fuel fired during the 24-hour to 30-day period is representative of the type and average
sulfur content of fuel used over a typical 30-day period, and

(iv) The owner or operator has given the Administrator at least 30 days notice of the date and
period of time over which the demonstration will be performed.

(e) After the initial performance test required under §60.8, compliance with the sulfur dioxide
emission limitations and percentage reduction requirements under §60.43Da and the nitrogen
oxides emission limitations under §60.44Da is based on the average emission rate for 30
successive boiler operating days. A separate performance test is completed at the end of each
boiler operating day after the initial performance test, and a new 30 day average emission rate for
both sulfur dioxide and nitrogen oxides and a new percent reduction for sulfur dioxide are
calculated to show compliance with the standards.

(f) For the initial performance test required under §60.8, compliance with the sulfur dioxide
emission limitations and percent reduction requirements under §60.43Da and the nitrogen oxides
emission limitation under §60.44Da is based on the average emission rates for sulfur dioxide,
nitrogen oxides, and percent reduction for sulfur dioxide for the first 30 successive boiler operating
days. The initial performance test is the only test in which at least 30 days prior notice is required
unless otherwise specified by the Administrator. The initial performance test is to be scheduled so
that the first boiler operating day of the 30 successive boiler operating days is completed within 60
days after achieving the maximum production rate at which the affected facility will be operated,
but not later than 180 days after initial startup of the facility.

(g) The owner or operator of an affected facility subject to emission limitations in this subpart shall
determine compliance as follows:

(1) Compliance with applicable 30-day rolling average SO, and NOx emission limitations is
determined by calculating the arithmetic average of all hourly emission rates for SO, and NOx for
the 30 successive boiler operating days, except for data obtained during startup, shutdown,
malfunction (NOx only), or emergency conditions (SO,) only.

(2) Compliance with applicable SO, percentage reduction requirements is determined based on
the average inlet and outlet SO, emission rates for the 30 successive boiler operating days.

(3) Compliance with applicable daily average particulate matter emission limitations is determined
by calculating the arithmetic average of all hourly emission rates for particulate matter each boiler
operating day, except for data obtained during startup, shutdown, and malfunction.

(h) If an owner or operator has not obtained the minimum quantity of emission data as required
under §60.49Da of this subpart, compliance of the affected facility with the emission requirements
under §§60.43Da and 60.44Da of this subpart for the day on which the 30-day period ends may
be determined by the Administrator by following the applicable procedures in section 7 of Method
19.

(i) Compliance provisions for sources subject to §60.44Da(d)(1), (e)(1), or (f). The owner or
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operator of an affected facility subject to §60.44Da(d)(1) or (e)(1) shall calculate NOx emissions by
multiplying the average hourly NOy output concentration, measured according to the provisions of
§60.49Da(c), by the average hourly flow rate, measured according to the provisions of
§60.49Da(l), and dividing by the average hourly gross energy output, measured according to the
provisions of §60.49Da(k).

(i) Compliance provisions for duct burners subject to §60.44Da(a)(1). To determine compliance
with the emissions limits for NOy required by §60.44Da(a) for duct burners used in combined cycle
systems, either of the procedures described in paragraph (j)(1) or (2) of this section may be used:

(1) The owner or operator of an affected duct burner shall conduct the performance test required
under §60.8 using the appropriate methods in appendix A of this part. Compliance with the
emissions limits under §60.44Da(a)(1) is determined on the average of three (nominal 1-hour)
runs for the initial and subsequent performance tests. During the performance test, one sampling
site shall be located in the exhaust of the turbine prior to the duct burner. A second sampling site
shall be located at the outlet from the heat recovery steam generating unit. Measurements shall
be taken at both sampling sites during the performance test; or

(2) The owner or operator of an affected duct burner may elect to determine compliance by using
the continuous emission monitoring system specified under §60.49Da for measuring NOx and
oxygen and meet the requirements of §60.49Da. Data from a CEMS certified (or recertified)
according to the provisions of 40 CFR 75.20, meeting the QA and QC requirements of 40 CFR
75.21, and validated according to 40 CFR 75.23 may be used. The sampling site shall be located
at the outlet from the steam generating unit. The NOx emission rate at the outlet from the steam
generating unit shall constitute the NOx emission rate from the duct burner of the combined cycle
system.

(k) Compliance provisions for duct burners subject to §60.44Da(d)(1) or (e)(1). To determine
compliance with the emission limitation for NOx required by §60.44Da(d)(1) or (e)(1) for duct
burners used in combined cycle systems, either of the procedures described in paragraphs (k)(1)
and (2) of this section may be used:

(1) The owner or operator of an affected duct burner used in combined cycle systems shall
determine compliance with the applicable NOx emission limitation in §60.44Da(d)(1) or (e)(1) as
follows:

(i) The emission rate (E) of NOyx shall be computed using Equation 1 of this section:

E = [(Csg x Qsg)-(Cte x Qte)]/(Osg x h) (Eq. 1)

Where:

E = emission rate of NOy from the duct burner, ng/J (Ib/Mwh) gross output

Csg = average hourly concentration of NOx exiting the steam generating unit, ng/dscm (Ib/dscf)

Cte = average hourly concentration of NOy in the turbine exhaust upstream from duct burner,
ng/dscm (Ib/dscf)

Qsg = average hourly volumetric flow rate of exhaust gas from steam generating unit, dscm/hr
(dscf/hr)
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Qte = average hourly volumetric flow rate of exhaust gas from combustion turbine, dscm/hr
(dscf/hr)

Osg = average hourly gross energy output from steam generating unit, J (Mwh)

h = average hourly fraction of the total heat input to the steam generating unit derived from the
combustion of fuel in the affected duct burner

(i) Method 7E of appendix A of this part shall be used to determine the NOyx concentrations (Csg
and Cte). Method 2, 2F or 2G of appendix A of this part, as appropriate, shall be used to
determine the volumetric flow rates (Qsg and Qte) of the exhaust gases. The volumetric flow rate
measurements shall be taken at the same time as the concentration measurements.

(iii) The owner or operator shall develop, demonstrate, and provide information satisfactory to the
Administrator to determine the average hourly gross energy output from the steam generating
unit, and the average hourly percentage of the total heat input to the steam generating unit
derived from the combustion of fuel in the affected duct burner.

(iv) Compliance with the applicable NOx emission limitation in §60.44Da(d)(1) or (e)(1) is
determined by the three-run average (nominal 1-hour runs) for the initial and subsequent
performance tests.

(2) The owner or operator of an affected duct burner used in a combined cycle system may elect
to determine compliance with the applicable NOx emission limitation in §60.44Da(d)(1) or (e)(1) on
a 30-day rolling average basis as indicated in paragraphs (k)(2)(i) through (iv) of this section.

(i) The emission rate (E) of NOyx shall be computed using Equation 2 of this section:

E = (Csg x Qsd) /Occ (Eq. 2)

Where:

E = emission rate of NOy from the duct burner, ng/J (Ib/Mwh) gross output

Csg = average hourly concentration of NOy exiting the steam generating unit, ng/dscm (Ib/dscf)

Qsg = average hourly volumetric flow rate of exhaust gas from steam generating unit, dscm/hr
(dscf/hr)

Occ = average hourly gross energy output from entire combined cycle unit, J (Mwh)

(i) The continuous emissions monitoring system specified under §60.49Da for measuring NOy
and oxygen shall be used to determine the average hourly NOy concentrations (Csg). The
continuous flow monitoring system specified in §60.49Da(l) shall be used to determine the
volumetric flow rate (Qsg) of the exhaust gas. The sampling site shall be located at the outlet from
the steam generating unit. Data from a continuous flow monitoring system certified (or recertified)
following procedures specified in 40 CFR 75.20, meeting the quality assurance and quality control
requirements of 40 CFR 75.21, and validated according to 40 CFR 75.23 may be used.

(iii) The continuous monitoring system specified under §60.49Da(k) for measuring and
determining gross energy output shall be used to determine the average hourly gross energy
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output from the entire combined cycle unit (Occ), which is the combined output from the
combustion turbine and the steam generating unit.

(iv) The owner or operator may, in lieu of installing, operating, and recording data from the
continuous flow monitoring system specified in §60.49Da(l), determine the mass rate (Ib/hr) of
NOyx emissions by installing, operating, and maintaining continuous fuel flowmeters following the
appropriate measurements procedures specified in appendix D of 40 CFR part 75. If this
compliance option is selected, the emission rate (E) of NOx shall be computed using Equation 3 of
this section:

E = (ERsg % Hcc) /Occ (Eq. 3)
Where:
E = emission rate of NOy from the duct burner, ng/J (Ib/Mwh) gross output

ERsg = average hourly emission rate of NOx exiting the steam generating unit heat input
calculated using appropriate F-factor as described in Method 19, ng/J (Ib/million Btu)

Hcc = average hourly heat input rate of entire combined cycle unit, J/hr (million Btu/hr)
Occ = average hourly gross energy output from entire combined cycle unit, J (Mwh)

(3) When an affected duct burner steam generating unit utilizes a common steam turbine with one
or more affected duct burner steam generating units, the owner or operator shall either:

(i) Determine compliance with the applicable NOx emissions limits by measuring the emissions
combined with the emissions from the other unit(s) utilizing the common steam turbine; or

(i) Develop, demonstrate, and provide information satisfactory to the Administrator on methods for
apportioning the combined gross energy output from the steam turbine for each of the affected
duct burners. The Administrator may approve such demonstrated substitute methods for
apportioning the combined gross energy output measured at the steam turbine whenever the
demonstration ensures accurate estimation of emissions regulated under this part.

(I) Compliance provisions for sources subject to §60.45Da. The owner or operator of an affected
facility subject to §60.45Da (new sources constructed or reconstructed after January 30, 2004)
shall calculate the Hg emission rate (Ib/MWh) for each calendar month of the year, using hourly
Hg concentrations measured according to the provisions of §60.49Da(p) in conjunction with hourly
stack gas volumetric flow rates measured according to the provisions of §60.49Da(l) or (m), and
hourly gross electrical outputs, determined according to the provisions in §60.49Da(k).
Compliance with the applicable standard under §60.45Da is determined on a 12-month rolling
average basis.

(m) Compliance provisions for sources subject to 860.43Da(i)(1)(i) or (j)(1)(i). The owner or
operator of an affected facility subject to §60.43Da(i)(1)(i) or (j)(1)(i) shall calculate SO, emissions
by multiplying the average hourly SO, output concentration, measured according to the provisions
of §60.49Da(b), by the average hourly flow rate, measured according to the provisions of
§60.49Da(l), and divided by the average hourly gross energy output, measured according to the
provisions of §60.49Da(k).

(n) Compliance provisions for sources subject to §60.42Da(c)(1). The owner or operator of an
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affected facility subject to §60.42Da(c)(1) shall calculate particulate matter emissions by
multiplying the average hourly particulate matter output concentration, measured according to the
provisions of §60.49Da(t), by the average hourly flow rate, measured according to the provisions
of §60.49Da(l), and divided by the average hourly gross energy output, measured according to the
provisions of §60.49Da(k). Compliance with the emission limit is determined by calculating the
arithmetic average of the hourly emission rates computed for each boiler operating day.

(o) Compliance provisions for sources subject to §60.42Da(c)(2) or (d). Except as provided for in
paragraph (p) of this section, the owner or operator of an affected facility for which construction,
reconstruction, or modification commenced after February 28, 2005, shall demonstrate
compliance with each applicable emission limit according to the requirements in paragraphs (0)(1)
through (0)(5) of this section.

(1) Conduct an initial performance test according to the requirements in §60.50Da to demonstrate
compliance by the applicable date specified in §60.8(a) and, thereafter, conduct the performance
test annually, and

(2) An owner or operator must use opacity monitoring equipment as an indicator of continuous
particulate matter control device performance and demonstrate compliance with §60.42Da(b). In
addition, baseline parameters shall be established as the highest hourly opacity average
measured during the performance test. If any hourly average opacity measurement is more than
110 percent of the baseline level, the owner or operator will conduct another performance test
within 60 days to demonstrate compliance. A new baseline is established during each stack test.
The new baseline shall not exceed the opacity limit specified in §60.42Da(b), and

(3) An owner or operator using an ESP to comply with the applicable emission limits shall use
voltage and secondary current monitoring equipment to measure voltage and secondary current to
the ESP. Baseline parameters shall be established as average rates measured during the
performance test. If a 3-hour average voltage and secondary current average deviates more than
10 percent from the baseline level, the owner or operator will conduct another performance test
within 60 days to demonstrate compliance. A new baseline is established during each stack test,
and

(4) An owner or operator using a fabric filter to comply with the applicable emission limits shall
install, calibrate, maintain, and continuously operate a bag leak detection system according to
paragraphs (0)(4)(i) through (viii) of this section.

(i) Install and operate a bag leak detection system for each exhaust stack of the fabric filter.

(i) Each bag leak detection system must be installed, operated, calibrated, and maintained in a
manner consistent with the manufacturer's written specifications and recommendations and in
accordance with the guidance provided in EPA-454/R—98-015, September 1997.

(iii) The bag leak detection system must be certified by the manufacturer to be capable of
detecting particulate matter emissions at concentrations of 10 milligrams per actual cubic meter or
less.

(iv) The bag leak detection system sensor must provide output of relative or absolute particulate
matter loadings.

(v) The bag leak detection system must be equipped with a device to continuously record the
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output signal from the sensor.

(vi) The bag leak detection system must be equipped with an alarm system that will sound
automatically when an increase in relative particulate matter emissions over a preset level is
detected. The alarm must be located where it is easily heard by plant operating personnel.
Corrective actions must be initiated within 1 hour of a bag leak detection system alarm. If the
alarm is engaged for more than 5 percent of the total operating time on a 30-day rolling average, a
performance test must be performed within 60 days to demonstrate compliance.

(vii) For positive pressure fabric filter systems that do not duct all compartments of cells to a
common stack, a bag leak detection system must be installed in each baghouse compartment or
cell.

(viii) Where multiple bag leak detectors are required, the system's instrumentation and alarm may
be shared among detectors, and

(5) An owner or operator of a modified affected source electing to meet the emission limitations in
§60.42Da(d) shall determine the percent reduction in particulate matter by using the emission rate
for particulate matter determined by the performance test conducted according to the
requirements in paragraph (0)(1) of this section and the ash content on a mass basis of the fuel
burned during each performance test run as determined by analysis of the fuel as fired.

(p) As an alternative to meeting the compliance provisions specified in paragraph (o) of this
section, an owner or operator may elect to install, certify, maintain, and operate a continuous
emission monitoring system measuring particulate matter emissions discharged from the affected
facility to the atmosphere and record the output of the system as specified in paragraphs (p)(1)
through (p)(8) of this section.

(1) The owner or operator shall submit a written notification to the Administrator of intent to
demonstrate compliance with this subpart by using a continuous monitoring system measuring
particulate matter. This notification shall be sent at least 30 calendar days before the initial startup
of the monitor for compliance determination purposes. The owner or operator may discontinue
operation of the monitor and instead return to demonstration of compliance with this subpart
according to the requirements in paragraph (0) of this section by submitting written notification to
the Administrator of such intent at least 30 calendar days before shutdown of the monitor for
compliance determination purposes.

(2) Each continuous emission monitor shall be installed, certified, operated, and maintained
according to the requirements in §60.49Da(v).

(3) The initial performance evaluation shall be completed no later than 180 days after the date of
initial startup of the affected facility, as specified under §60.8 of subpart A of this part or within 180
days of the date of notification to the Administrator required under paragraph (p)(1) of this section,
whichever is later.

(4) Compliance with the applicable emissions limit shall be determined based on the 24-hour daily
(block) average of the hourly arithmetic average emissions concentrations using the continuous
monitoring system outlet data. The 24-hour block arithmetic average emission concentration shall
be calculated using EPA Reference Method 19, section 4.1.

(5) At a minimum, valid continuous monitoring system hourly averages shall be obtained for 90
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percent of all operating hours on a 30-day rolling average.
(i) At least two data points per hour shall be used to calculate each 1-hour arithmetic average.
(i) [Reserved]

(6) The 1-hour arithmetic averages required shall be expressed in ng/J, MMBtu/h, or Ib/MWh and
shall be used to calculate the boiler operating day daily arithmetic average emission
concentrations. The 1-hour arithmetic averages shall be calculated using the data points required
under §60.13(e)(2) of subpart A of this part.

(7) All valid continuous monitoring system data shall be used in calculating average emission
concentrations even if the minimum continuous emission monitoring system data requirements of
paragraph (j)(5) of this section are not met.

(8) When particulate matter emissions data are not obtained because of continuous emission
monitoring system breakdowns, repairs, calibration checks, and zero and span adjustments,
emissions data shall be obtained by using other monitoring systems as approved by the
Administrator or EPA Reference Method 19 to provide, as necessary, valid emissions data for a
minimum of 90 percent of all operating hours per 30-day rolling average.

[44 FR 33613, June 11, 1979, as amended at 54 FR 6664, Feb. 14, 1989; 63 FR 49454, Sept. 16,
1998; 66 FR 18552, Apr. 10, 2001; 66 FR 31178, June 11, 2001. Redesignated and amended at
70 FR 28653, 28654, May 18, 2005, and further redesignated and amended at 70 FR 51268, Aug.
30, 2005; 71 FR 9878, Feb. 27, 2006; 71 FR 33400, June 9, 2006]

§ 60.49Da Emission monitoring.

(a) Except as provided for in paragraphs (t) and (u) of this section, the owner or operator of an
affected facility, shall install, calibrate, maintain, and operate a continuous monitoring system, and
record the output of the system, for measuring the opacity of emissions discharged to the
atmosphere, except where gaseous fuel is the only fuel combusted. If opacity interference due to
water droplets exists in the stack (for example, from the use of an FGD system), the opacity is
monitored upstream of the interference (at the inlet to the FGD system). If opacity interference is
experienced at all locations (both at the inlet and outlet of the sulfur dioxide control system),
alternate parameters indicative of the particulate matter control system's performance are
monitored (subject to the approval of the Administrator).

(b) The owner or operator of an affected facility shall install, calibrate, maintain, and operate a
continuous monitoring system, and record the output of the system, for measuring sulfur dioxide
emissions, except where natural gas is the only fuel combusted, as follows:

(1) Sulfur dioxide emissions are monitored at both the inlet and outlet of the sulfur dioxide control
device.

(2) For a facility that qualifies under the numerical limit provisions of §60.43Da(d), (i), (j), or (k)
sulfur dioxide emissions are only monitored as discharged to the atmosphere.

(3) An “as fired” fuel monitoring system (upstream of coal pulverizers) meeting the requirements of
Method 19may be used to determine potential sulfur dioxide emissions in place of a continuous
sulfur dioxide emission monitor at the inlet to the sulfur dioxide control device as required under
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paragraph (b)(1) of this section.

(c)(1) The owner or operator of an affected facility shall install, calibrate, maintain, and operate a
continuous monitoring system, and record the output of the system, for measuring nitrogen oxides
emissions discharged to the atmosphere; or

(2) If the owner or operator has installed a nitrogen oxides emission rate continuous emission
monitoring system (CEMS) to meet the requirements of part 75 of this chapter and is continuing to
meet the ongoing requirements of part 75 of this chapter, that CEMS may be used to meet the
requirements of this section, except that the owner or operator shall also meet the requirements of
§60.51Da. Data reported to meet the requirements of §60.51Da shall not include data substituted
using the missing data procedures in subpart D of part 75 of this chapter, nor shall the data have
been bias adjusted according to the procedures of part 75 of this chapter.

(d) The owner or operator of an affected facility shall install, calibrate, maintain, and operate a
continuous monitoring system, and record the output of the system, for measuring the oxygen or
carbon dioxide content of the flue gases at each location where sulfur dioxide or nitrogen oxides
emissions are monitored.

(e) The continuous monitoring systems under paragraphs (b), (c), and (d) of this section are
operated and data recorded during all periods of operation of the affected facility including periods
of startup, shutdown, malfunction or emergency conditions, except for continuous monitoring
system breakdowns, repairs, calibration checks, and zero and span adjustments.

(f)(1) For units that began construction, reconstruction, or modification on or before February 28,
2005, the owner or operator shall obtain emission data for at least 18 hours in at least 22 out of 30
successive boiler operating days. If this minimum data requirement cannot be met with a
continuous monitoring system, the owner or operator shall supplement emission data with other
monitoring systems approved by the Administrator or the reference methods and procedures as
described in paragraph (h) of this section.

(2) For units that began construction, reconstruction, or modification after February 28, 2005, the
owner or operator shall obtain emission data for at least 90 percent of all operating hours for each
30 successive boiler operating days. If this minimum data requirement cannot be met with a
continuous monitoring system, the owner or operator shall supplement emission data with other
monitoring systems approved by the Administrator or the reference methods and procedures as
described in paragraph (h) of this section.

(g) The 1-hour averages required under paragraph §60.13(h) are expressed in ng/J (Ib/million Btu)
heat input and used to calculate the average emission rates under §60.48Da. The 1-hour
averages are calculated using the data points required under §60.13(b). At least two data points
must be used to calculate the 1-hour averages.

(h) When it becomes necessary to supplement continuous monitoring system data to meet the
minimum data requirements in paragraph (f) of this section, the owner or operator shall use the
reference methods and procedures as specified in this paragraph. Acceptable alternative methods
and procedures are given in paragraph (j) of this section.

(1) Method 6 shall be used to determine the SO, concentration at the same location as the SO,
monitor. Samples shall be taken at 60-minute intervals. The sampling time and sample volume for
each sample shall be at least 20 minutes and 0.020 dscm (0.71 dscf). Each sample represents a
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1-hour average.

(2) Method 7 shall be used to determine the NOx concentration at the same location as the NOy
monitor. Samples shall be taken at 30-minute intervals. The arithmetic average of two consecutive
samples represents a 1-hour average.

(3) The emission rate correction factor, integrated bag sampling and analysis procedure of Method
3B shall be used to determine the O, or CO, concentration at the same location as the O, or CO,
monitor. Samples shall be taken for at least 30 minutes in each hour. Each sample represents a 1-
hour average.

(4) The procedures in Method 19 shall be used to compute each 1-hour average concentration in
ng/J (1b/million Btu) heat input.

(i) The owner or operator shall use methods and procedures in this paragraph to conduct
monitoring system performance evaluations under §60.13(c) and calibration checks under
§60.13(d). Acceptable alternative methods and procedures are given in paragraph (j) of this
section.

(1) Methods 3B, 6, and 7 shall be used to determine O,, SO,, and NOx concentrations,
respectively.

(2) SO, or NOx (NO), as applicable, shall be used for preparing the calibration gas mixtures (in Ny,
as applicable) under Performance Specification 2 of appendix B of this part.

(3) For affected facilities burning only fossil fuel, the span value for a continuous monitoring
system for measuring opacity is between 60 and 80 percent and for a continuous monitoring
system measuring nitrogen oxides is determined as follows:

Span value for

Fossil fuel nitrogen oxides
(ppm)
=T 500
LiQUEd . - e eaaaaaan 500
SOl A, o 1,000
Combination. - ... e e aiaaaaas 500 (x+y)+1,000z

x is the fraction of total heat input derived from gaseous fossil fuel,
y is the fraction of total heat input derived from liquid fossil fuel, and
z is the fraction of total heat input derived from solid fossil fuel.

(4) All span values computed under paragraph (b)(3) of this section for burning combinations of
fossil fuels are rounded to the nearest 500 ppm.
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(5) For affected facilities burning fossil fuel, alone or in combination with non-fossil fuel, the span
value of the sulfur dioxide continuous monitoring system at the inlet to the sulfur dioxide control
device is 125 percent of the maximum estimated hourly potential emissions of the fuel fired, and
the outlet of the sulfur dioxide control device is 50 percent of maximum estimated hourly potential
emissions of the fuel fired.

(i) The owner or operator may use the following as alternatives to the reference methods and
procedures specified in this section:

(1) For Method 6, Method 6A or 6B (whenever Methods 6 and 3 or 3B data are used) or 6C may
be used. Each Method 6B sample obtained over 24 hours represents 24 1-hour averages. If
Method 6A or 6B is used under paragraph (i) of this section, the conditions under §60.46(d)(1)
apply; these conditions do not apply under paragraph (h) of this section.

(2) For Method 7, Method 7A, 7C, 7D, or 7TE may be used. If Method 7C, 7D, or 7E is used, the
sampling time for each run shall be 1 hour.

(3) For Method 3, Method 3A or 3B may be used if the sampling time is 1 hour.
(4) For Method 3B, Method 3A may be used.

(k) The procedures specified in paragraphs (k)(1) through (3) of this section shall be used to
determine gross output for sources demonstrating compliance with the output-based standard
under §60.44Da(d)(1).

(1) The owner or operator of an affected facility with electricity generation shall install, calibrate,
maintain, and operate a wattmeter; measure gross electrical output in megawatt-hour on a
continuous basis; and record the output of the monitor.

(2) The owner or operator of an affected facility with process steam generation shall install,
calibrate, maintain, and operate meters for steam flow, temperature, and pressure; measure gross
process steam output in joules per hour (or Btu per hour) on a continuous basis; and record the
output of the monitor.

(3) For affected facilities generating process steam in combination with electrical generation, the
gross energy output is determined from the gross electrical output measured in accordance with
paragraph (k)(1) of this section plus 75 percent of the gross thermal output (measured relative to
ISO conditions) of the process steam measured in accordance with paragraph (k)(2) of this
section.

(I) The owner or operator of an affected facility demonstrating compliance with an output-based
standard under §60.42Da, §60.43Da, §60.44Da, or §60.45Da shall install, certify, operate, and
maintain a continuous flow monitoring system meeting the requirements of Performance
Specification 6 of appendix B and procedure 1 of appendix F of this subpart, and record the output
of the system, for measuring the flow of exhaust gases discharged to the atmosphere; or

(m) Alternatively, data from a continuous flow monitoring system certified according to the
requirements of 40 CFR 75.20, meeting the applicable quality control and quality assurance
requirements of 40 CFR 75.21, and validated according to 40 CFR 75.23, may be used.

(n) Gas-fired and oil-fired units. The owner or operator of an affected unit that qualifies as a gas-
fired or oil-fired unit, as defined in 40 CFR 72.2, may use, as an alternative to the requirements
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specified in either paragraph () or (m) of this section, a fuel flow monitoring system certified and
operated according to the requirements of appendix D of 40 CFR part 75.

(o) The owner or operator of a duct burner, as described in §60.41Da, which is subject to the NOyx
standards of §60.44Da(a)(1), (d)(1), or (e)(1) is not required to install or operate a continuous
emissions monitoring system to measure NOx emissions; a wattmeter to measure gross electrical
output; meters to measure steam flow, temperature, and pressure; and a continuous flow
monitoring system to measure the flow of exhaust gases discharged to the atmosphere.

(p) The owner or operator of an affected facility demonstrating compliance with an Hg limit in
§60.45Da shall install and operate a continuous emissions monitoring system (CEMS) to measure
and record the concentration of Hg in the exhaust gases from each stack according to the
requirements in paragraphs (p)(1) through (p)(3) of this section. Alternatively, for an affected
facility that is also subject to the requirements of subpart | of part 75 of this chapter, the owner or
operator may install, certify, maintain, operate and quality-assure the data from a Hg CEMS
according to §75.10 of this chapter and appendices A and B to part 75 of this chapter, in lieu of
following the procedures in paragraphs (p)(1) through (p)(3) of this section.

(1) The owner or operator must install, operate, and maintain each CEMS according to
Performance Specification 12A in appendix B to this part.

(2) The owner or operator must conduct a performance evaluation of each CEMS according to the
requirements of §60.13 and Performance Specification 12A in appendix B to this part.

(3) The owner or operator must operate each CEMS according to the requirements in paragraphs
(p)(3)(i) through (iv) of this section.

(i) As specified in §60.13(e)(2), each CEMS must complete a minimum of one cycle of operation
(sampling, analyzing, and data recording) for each successive 15-minute period.

(i) The owner or operator must reduce CEMS data as specified in §60.13(h).

(iii) The owner or operator shall use all valid data points collected during the hour to calculate the
hourly average Hg concentration.

(iv) The owner or operator must record the results of each required certification and quality
assurance test of the CEMS.

(4) Mercury CEMS data collection must conform to paragraphs (p)(4)(i) through (iv) of this section.

(i) For each calendar month in which the affected unit operates, valid hourly Hg concentration

data, stack gas volumetric flow rate data, moisture data (if